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A B S T R A C T

A direct CO2-Plume Geothermal (CPG) system is a novel technology that uses captured and geologically stored
CO2 as the subsurface working fluid in sedimentary basin reservoirs to extract geothermal energy. In such a CPG
system, the CO2 that enters the production well is likely saturated with H2O from the geothermal reservoir.
However, direct CPG models thus far have only considered energy production via pure (i.e. dry) CO2 in the
production well and its direct conversion in power generation equipment. Therefore, we analyze here, how the
wellhead fluid pressure, temperature, liquid water fraction, and the resultant CPG turbine power output are
impacted by the production of CO2 saturated with H2O for reservoir depths ranging from 2.5 km to 5.0 km and
geothermal temperature gradients between 20 °C/km and 50 °C/km. We demonstrate that the H2O in solution is
exothermically exsolved in the vertical well, increasing the fluid temperature relative to dry CO2, resulting in the
production of liquid H2O at the wellhead. The increased wellhead fluid temperature increases the turbine power
output on average by 15% to 25% and up to a maximum of 41%, when the water enthalpy of exsolution is
considered and the water is (conservatively) removed before the turbine, which decreases the fluid mass flow
rate through the turbine and thus power output. We show that the enthalpy of exsolution and the CO2-H2O
solution density are fundamental components in the calculation of CPG power generation and thus should not be
neglected or substituted with the properties of dry CO2.

1. Introduction

The emission of carbon dioxide (CO2) to, and its accumulation in,
the atmosphere is a strong driver of climate change and the associated
increase in the global mean surface temperature of Earth. For example,
the Intergovernmental Panel on Climate Change (IPCC) has unequi-
vocally concluded that the generation of electricity and heat by the
combustion of fossil fuels is responsible for at least 25% of the total
amount of CO2 that has been emitted by human activities (IPCC, 2014).
Renewable energy sources, such as wind, solar, bio-energy, and geo-
thermal energy, have been developed and used to generate power with
few, if any, operational CO2 emissions, thereby reducing the overall
emission of CO2 for electricity generation. However, of these renewable

energy sources only geothermal and bio-energy systems can provide
continuous baseload power (Matek and Gawell, 2015). To further re-
duce CO2 emissions into the atmosphere, existing power plants can be
retrofitted to capture CO2 and store the captured CO2 underground in
geologic formations in what is typically termed a carbon or CO2 capture
and (geologic) storage (CCS) process (IPCC, 2005; Michael et al., 2010;
Piri et al., 2005). This process can isolate CO2 underground in saline
reservoirs or (partially) depleted oil or gas reservoirs, which are over-
lain by a low- to almost zero-permeability caprock, such that the
leakage risk of the buoyant CO2 is minimal (Bielicki et al., 2016, 2015,
2014; IPCC, 2005).

The geologically stored CO2 can be used as a heat extraction fluid
for geothermal systems, which is considered to be a CO2 capture,
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utilization, and storage (CCUS) approach. In this type of CCUS, the
geothermally heated CO2 is produced through a well from the (geo-
thermal) reservoir, expanded in a turbine to generate electricity,
cooled, and reinjected through another well back into the reservoir,
forming a closed loop, so that all of the CO2 ultimately remains stored
underground. Thus, some of the CO2 molecules are utilized (to extract
geothermal heat and to spin a turbine) and all of them are eventually
stored underground, so that this is a true combined CCUS technology.
The use of CO2 was initially proposed as a geologic heat extraction fluid
for Enhanced or Engineered Geothermal Systems (EGS) by Brown
(2000), with subsequent modeling studies illustrating the effectiveness
of such a CO2-EGS approach (Atrens et al., 2010, 2009; Pruess, 2008,
2006). Supercritical CO2 (sCO2) has several advantages over brine as a
heat extraction fluid, including a substantially lower kinematic visc-
osity (i.e., greater fluid mobility), which results in much higher heat
advection rates within reservoirs, everything else being equal (Adams
et al., 2015, 2014; Brown W., 2000). In addition to the higher mobility
of sCO2, the density of sCO2 is much more temperature-dependent than
that of brine. The combination of these thermophysical characteristics
can generate a vigorously convecting thermosiphon that can reduce or
eliminate the need for operating fluid circulation pumps, because the
density difference between the injection and the production wells
drives the CO2 circulation (Adams et al., 2015, 2014; Atrens et al.,
2010, 2009; Brown W., 2000). Furthermore, CO2, as well as the weak
carbonic acid that forms when CO2 is dissolved in water, has a low
mineral solubility, even in carbonate reservoirs (Luhmann et al., 2014;
Tutolo et al., 2015, 2014). This low mineral solubility limits the
leaching and transport of (dissolved) minerals from the rock, and will
likely reduce subsequent scaling in pipes and turbomachinery (Brown
W., 2000), which is a significant challenge in brine-based geothermal
systems (Bélteky, 1975; Boch et al., 2017, 2016a, 2016b).

A different concept uses CO2 as a heat extraction fluid in naturally
porous and permeable sedimentary basins (Randolph and Saar, 2011a,
2011b; Saar et al., 2012). The CO2 Plume Geothermal (CPG) process
differs from (CO2-based) EGS (Brown W., 2000; Pruess, 2008, 2006), in
part because EGS requires hydraulic stimulation (i.e., hydraulic frac-
turing or shearing) to increase the permeability of the low-permeability
formation (Amann et al., 2018; Gischig et al., 2019). In addition,
naturally permeable reservoirs are typically large and enable the sto-
rage of large amounts of CO2, especially in comparison to the small
sizes and porosities of artificially generated, fracture-based EGS re-
servoirs (Randolph and Saar, 2011b, 2011c).

Prior research on CPG systems has focused on the modeling of fluid
mass and energy transfer in the geologic reservoir and on the electricity
generation in a surface power plant — both of which have assumed dry
CO2, i.e. no water. Like prior investigations of CO2-EGS (Pruess, 2008,
2006), many CPG studies have modeled an inverted 5-spot well pattern
(Adams et al., 2015, 2014; Randolph and Saar, 2011a, 2011b), and
showed that the CPG system can generate a strong thermosiphon
(Adams et al., 2014), produce more power than a brine-based geo-
thermal system (Adams et al., 2015), and that the power output is more
dispatchable than variable wind and solar renewable energy technol-
ogies (Adams and Kuehn, 2012).

More recent reservoir studies of CPG have used radially axisym-
metric systems, with a vertical injection well at the center and a circular
horizontal production well at the top of the reservoir under the caprock
(Garapati et al., 2015, 2014). These radial models included multi-fluid
(CO2-brine) algorithms that also simulated the displacement of brine by
CO2, yet the power generation models continued to simulate the be-
havior of dry CO2 in the wells and the surface power plant.

As a result, most prior research on CPG has assumed that the working
fluid, extracted from the geothermal reservoir, is pure, dry CO2, despite the
fact that the deep saline aquifers, typically envisioned for CPG, are filled
with brine prior to the injection of CO2 (unless oil or gas reservoirs are
considered). Only some of the brine in these aquifers will be displaced by
the injected CO2. Furthermore, some water will dissolve into the emplaced

CO2, and some CO2 will dissolve into the water phase and form (weak)
carbonic acid near the interface of the CO2 plume (Spycher et al., 2003).
We refer to CO2 that contains some dissolved water (H2O) as “wet” CO2.
Additionally, it is worth noting that when wet CO2 is considered in CPG
systems the corrosive effects of carbonic acid must also be considered, with
corrosion resistant linings required in the equipment.

The maximum solubility in the vertical production well occurs at the
bottom, as the fluid enters from the reservoir, where temperatures and
pressures are large. As the solution moves up the production well both the
pressure and the temperature decrease, reducing the solubility of H2O in
CO2. As the CO2 is likely to be saturated with H2O when it enters the
production well, some of the dissolved H2O will exsolve from the CO2
during the upwards movement within the production well. The exsolution
of water from the CO2 is an exothermic process that results in the formation
of free-phase (liquid) H2O. Given typically sufficient CO2 flow rates, this
free-phase H2O is then co-produced to the surface, along with the CO2
phase. At the surface, prior to the turbine, the co-produced H2O may need
to be separated from the CO2 stream, similar to how liquid H2O is removed
in steam turbines, as the high density H2O droplets can impinge and erode
the turbine blades (Ahmad et al., 2009). It should be noted, however, that
some liquid water in the CO2 turbine, such as water condensation in the
turbine, is not expected to be of significant concern, as the density of the
liquid H2O varies between 2.3 to 10.7 times the density of sCO2 in the
turbine, depending on the reservoir conditions. Conversely, in steam tur-
bines, the liquid water and steam densities differ by more than a factor of
1000, so that the impingement of the high-density water droplets can more
easily erode the turbine blades, requiring limits to be placed on the amount
of allowable liquid water. Therefore, and as recently discussed with turbine
manufacturers, substantially larger mass fractions of liquid water in su-
percritical CO2 than the ∼6% previously suggested (Garapati et al., 2015)
are likely acceptable. Nonetheless, H2O separation is necessary eventually
(i.e., possibly after the turbine) because the re-injection of free-phase liquid
H2O substantially decreases the effective permeability of the reservoir near
the injection well (Garapati et al., 2015).

The primary objective of this study is to determine the temperature,
pressure, and mass fraction of free-phase liquid H2O that may be pro-
duced at the wellhead, due to exsolution from CO2 in the production
well (i.e., not due to free-phase liquid H2O entering the production well
from the reservoir), and its effect on the power generation of CPG
systems for reservoir depths ranging from 2.5 km to 5.0 km and geo-
thermal temperature gradients (geotherms) of 20 °C/km to 50 °C/km.
To do so, we compare three different methods for calculating wellhead
water content (from exsolution from CO2) and compare them against
the TOUGH2 (Pruess et al., 1999) well simulator, T2Well (Pan et al.,
2011). Then, for each of these methods, we numerically model the
change in power generation due to including exothermic H2O exsolu-
tion from CO2 during CPG power plant operation.

2. Methods

The wellhead temperature, pressure, and water mass fractions are
calculated using three different wellbore numerical models. Each of
these methods uses the mass-weighted average, shown in Equation 1, to
calculate the bulk density of the fluid along the length of the well.

= +(1 )bulk i CO Solution i H OL i H OL i H OL i, 2, , 2 , 2 , 2 , (1)

The three models differ in their approximation of the CO2 wellbore
bulk density, ρbulk,i, in the following ways:

I Dry CO2Only: The fluid in the well is assumed to be pure CO2 (i.e.
φH2OL,i = 0 and ρCO2,Solution = ρCO2). The pure CO2 density, ρCO2, is
obtained from Span and Wagner (1996).

II CO2Solution Proxy: The fluid in the well is assumed to be a mixture
of water-saturated CO2 and liquid H2O (i.e. φH2OL ≥ 0). The CO2
density is assumed to be that of pure, dry CO2 (i.e. ρCO2,Solution =
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ρCO2) and obtained from Span and Wagner (1996). The free liquid
H2O density, ρH2OL, is obtained from steam tables (Haar et al.,
1984). We include the CO2 Solution Proxy method in this paper, as
this density approximation is commonly used in other simulations,
such as the T2Well simulator.

III Solution Density Approximation: The fluid in the well is assumed
to be a mixture of water-saturated CO2 and liquid H2O (i.e. φH2OL ≥
0). The CO2 density, ρCO2,Solution, is found for the CO2-H2O solution
from Spycher et al. (2003; 2005; 2010). The free liquid H2O density,
ρH2OL, is obtained from steam tables (Haar et al., 1984).

Table 1 contains our nomenclature. Equations 2 to 4 describe the
individual density values needed for the bulk density calculation. In all
cases, the bulk temperature and pressure of the element are used to find
the fluid density.

= T P( , )CO i S W bulk i bulk i2, & , , (2)

= T P( , )H O L i Haar bulk i bulk i2 , , , , (3)

=
Dry CO I and CO Solution Proxy II

f T P Solution Density Approximation III

, ( ) ( )

( , , ), ( )CO Solution i
CO

Spyc bulk i bulk i H OL i
2, ,

2 2 2

, , 2 ,

(4)

The difference between the CO2 Solution Proxy and the Solution
Density Approximation models is in the way the density of the CO2
component of the mixture (ρCO2_Solution,i in Equation 4) is calculated.
The CO2 Solution Proxy approximates the density of the CO2 component
as that of pure CO2, while the Solution Density Approximation method
obtains the density from the CO2-H2O solution model from Spycher
et al. (2003; 2005). We did not use the Solution Density Approximation
method outright to estimate the CO2 solution density, as wellbore si-
mulators, namely T2Well, commonly make the assumption that the CO2
component density is pure CO2.

We employ a finite volume method with a numerical solver, namely
Engineering Equation Solver (EES) by Klein and Alvarado (2002), to
calculate the well fluid properties as a function of the height above the
reservoir. This procedure is based on a prior approach that we devel-
oped for dry CO2 (Adams et al., 2015, 2014). The well is divided into
100m vertical elements to balance computational time and accur-
acy—as 100m elements yield< 1% convergence error (Adams et al.,
2015). Across each element, the exit state (i+1) is calculated from the
inlet state (i), where equations for energy (Equation 5), momentum
(Equation 6), and mass balance (Equation 7) are applied.

+ = ++ +h gz kJ
J

h gz kJ
J

1
10

1
10bulk i i bulk i i, 3 , 1 1 3 (5)

+ = ++ + +P gz P gz Pbulk i bulk i i bulk i bulk i i loss i, , , 1 , 1 1 , (6)

= = + +m A V A VTotal i bulk i pipe bulk i bulk i pipe bulk i, , , , 1 , 1 (7)

Frictional pressure losses are determined from the Darcy-Weisbach
relation (Equation 8).

=P f
L

D
V( )

2loss i
pipe

bulk i
bulk i

, ,
,

2

(8)

The friction factor, f, is given by the Moody Chart (Moody, 1944),
using bare Cr13 oil piping, which has a surface roughness of ε=55 μm
(Farshad et al., 2010). We model the dynamic viscosity of the fluid as
dry CO2 in all three models, because CO2 dominates the total mass
fraction in the production well.

The model assumes no heat transfer between the well and the sur-
rounding rock. Also, the model does not account for kinetic energy
changes, as they are negligible (Adams et al., 2015, 2014; Randolph et al.,
2012). For example, the largest wellbore velocity we observed was 2.2m/s
at the wellhead when simulating a 5 km deep reservoir. At this maximum
velocity, the kinetic energy of the fluid V( /2)2 is 2.4 J/kg and the potential
energy change of the fluid between the top and the bottom of the well
g z( ) is 49050 J/kg. Thus, the ratio of maximum kinetic energy change to
potential energy change is 0.005% and the contribution of kinetic energy in
the overall energy balance can be safely neglected.

We simulate the downhole reservoir-fluid pressure as hydrostatic and
the downhole fluid temperature as the reservoir temperature, which is as-
sumed to be the product of the geothermal temperature gradient and re-
servoir depth, added to an assumed mean annual surface temperature of
15 °C.

2.1. CO2-H2O Solution (Wet CO2)

When CO2 is injected into a brine reservoir, the mutual solubility of
CO2-H2O has two effects: 1) CO2 dissolves into the native brine and 2)
H2O dissolves and vaporizes into the CO2-rich plume. The mutual so-
lubility of the CO2-H2O system is defined by the phase and chemical
equilibria equations. These are Equation 6, describing the transition of
the gaseous phase CO2 to the aqueous phase and Equation 10, de-
scribing the vaporization of water (Chen et al., 1992; Spycher et al.,
2003; Spycher and Pruess, 2010, 2005).

CO COg aq2( ) 2( ) (9)

H O H Ol g2 ( ) 2 ( ) (10)

The solution properties of CO2-H2O mixtures for the pressures and
temperatures encountered during geological CO2 sequestration, and
thus CPG systems, are defined by Spycher et al. (2003). This model was

Table 1
Nomenclature.

Variables y Mole fraction in the CO2-rich Phase [-]
A Cross-sectional Area [m2] z Elevation [m]
D Diameter [m] η Efficiency [-]
E Energy [kJ] ρ Density [kg/m3]
E Energy Rate [kW] φ Mass Fraction [-]
f Darcy Friction Factor [-] χ Vapor Quality [-]
g Gravitational Constant [m/s2]
h Specific Enthalpy [kJ/kg] Subscripts
hm Molar Specific Enthalpy [kJ/mol] bulk Mixture Fluid Property (i.e. CO2 and Water)
L Length [m] CO2 Pure CO2
m Mass Flow Rate [kg/s] CO2,Solution CO2 Solution (i.e. CO2 and Dissolved Water)
M Molar Mass [g/mol] i Well Segment Iteration
n Moles of Component [-] H2O Total Water (i.e. Dissolved and Free)
P Pressure [Pa] H2Ov Water Dissolved in CO2
T Temperature [°C] H2OL Free, Liquid Water
V Bulk Velocity [m/s] Haar Relation from Haar et al. (1984)
W Electric Power [kWe] S&W Relation from Span and Wagner (1996)
x Mole Fraction in the H2O-rich Phase [-] Spyc Relation from Spycher et al. (2003, 2005, or 2010)
X Mole Fraction [-] Total Total Component in any State
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extended to include the mutual solubility of CO2-H2O and CO2-H2O-
NaCl systems in Spycher et al. (2005; 2010). These CO2-H2O models
cover the temperature range 12-300 °C and pressure range 1-600 bar.

We assume that there is no NaCl present in any CO2-H2O solution.
The presence of NaCl decreases the solubility of H2O in CO2. Thus, the
resulting H2O in CO2 solubility, without NaCl, is an upper bound for the
H2O content possible under typical geothermal reservoir pressure and
temperature conditions.

2.1.1. CO2-H2O Solution Energy Balance
The dissolved H2O is assumed to be a saturated vapor, thus H2O pre-

cipitation, or exsolution, as a free liquid, will transfer a substantial amount
of energy to the CO2 as it condenses. The assumption that dissolved water
in CO2 may be treated as vapor is further justified in Section 2.1.4.

Equation 10 indicates that the H2O will undergo a phase change
when the H2O leaves the water-saturated CO2. When H2O exsolves from
the H2O-CO2 solution, latent energy is released to the surrounding
mixture. We neglect other chemical mixing processes and instead as-
sume that the enthalpy of mixing is only due to the state change of pure
water. In our model, the enthalpy of mixing is the energy required to
transition saturated water vapor at the mixture temperature to liquid at
the mixture temperature and pressure.

The CO2 is assumed to be fully saturated with H2O when the re-
servoir fluid enters the production well, with no free-phase H2O pre-
sent. Free-phase H2O later develops as the fluid ascends within the well
and the solubility of H2O in CO2 decreases and H2O is forced out of
solution due to the decrease in temperature and pressure. The energy,
momentum, and continuity balances are expanded to include each of
the three components: (1) CO2, (2) the H2O dissolved in the CO2, and
(3) free-phase H2O present around the CO2.

In Equations 11–14, the energy balance from Equation 5 is calcu-
lated separately for each component of the fluid: the CO2 (CO2,i), H2O
in solution (H2Ov,i), and free liquid H2O (H2OL,i). The temperature
and pressure throughout each element (i) are assumed constant (i.e.
bulk temperature, Tbulk,i, and pressure, Pbulk,i). The CO2 (CO2,i) prop-
erties are evaluated at the bulk temperature and pressure (Equations
2,4, and 15). The H2O in solution (H2Ov,i) is evaluated as a saturated
vapor (i.e. χ=1) at the bulk temperature (Equation 16). The free li-
quid H2O (H2OL,i) properties are evaluated at the bulk temperature
and pressure (Equations 3 and 17). While the mass and energy of each
component across a vertical well element can change (i.e. dissolved
H2O vapor becomes free-phase liquid, which increases the mass of li-
quid water and reduces the mass of dissolved vapor), the overall energy
of the fluid must remain constant (Equation 11). We note that turbulent
flow, and non-equilibrium thermodynamics may occur in the well,
however, we assume a thermodynamic equilibrium model to illustrate a
first-order approximation of the effect that H2O solubility has on fluid
states.

= + +E E E0 CO H Ov H OL2 2 2 (11)

= + ++ + +E m h gz kJ
J

m h gz kJ
J

1
10

1
10CO CO i CO i i CO i CO i i2 2, 1 2, 1 1 3 2, 2, 3

(12)

= +

+

+ + +E m h gz kJ
J

m h gz kJ
J

1
10

1
10

H Ov H Ov i H Ov i i

H Ov i H Ov i i

2 2 , 1 2 , 1 1 3

2 , 2 , 3 (13)

= +

+

+ + +E m h gz kJ
J

m h gz kJ
J

1
10

1
10

H OL H OL i H OL i i

H OL i H OL i i

2 2 , 1 2 , 1 1 3

2 , 2 , 3 (14)

=h T P( , )CO i S W bulk i bulk i2, & , , (15)

= =h T( , 1)H Ov i Haar bulk i2 , , (16)

=h T P( , )H OL i Haar bulk i bulk i2 , , , (17)

2.1.2. CO2-H2O Solution Mass Balance
The total mass flow rate is the sum of the mass flow rates for CO2,

H2O in solution, and liquid H2O (Equation 18). The total mass flow rate
must be constant across segments (Equation 7).

= + +m m m mTotal i CO i H Ov i H OL i, 2, 2 , 2 , (18)

In addition, the mass flow rates of CO2 and H2O must be conserved
between vertical well segments (Equations 19 and 20). For example, a
decrease of H2O solubility in CO2 across one well element results in an
increase of free water and a decrease of water in solution in the next
segment, but the total mass of water is conserved (Equation 20).

=+m mCO i CO i2, 1 2, (19)

= + = ++ +m m m m mH O Total H Ov i H OL i H Ov i H OL i2 , 2 , 2 , 2 , 1 2 , 1 (20)

Lastly, as the CO2 is assumed to be fully saturated with H2O in each
element, the mass of dissolved water vapor is determined using the
solubility limit from Spycher et al. (2003; 2005) (Equation 21) and
converted from molar to mass units in Equation 22. It is represented as
the free-phase liquid water mass fraction in Equation 23.

=y T P( , )H O MAX i spyc bulk i bulk i2 , , , , (21)

=
+

yH O MAX i

m
M

m
M

m
M

2 , ,

H Ov i
H O

CO i
CO

H Ov i
H O

2 ,
2

2,
2

2 ,
2 (22)

=
m
mH OL i

H OL i

Total i
2 ,

2 ,

, (23)

2.1.3. Multi-component Solution Procedure
The wellbore fluid elements are solved numerically, from bottom to

top. There are three steps to this procedure.

1 Solve for Initial Conditions. Using the initial conditions of pro-
duced fluid from the reservoir: Tbulk,0, Pbulk,0, z0, mTotal,0 =100 kg/s,
and mH OL2 ,0 =0 kg/s, solve for the initial values of: yH O MAX2 , ,0,
mCO2,0, m ,H Ov2 ,0 hCO2,0, hH Ov2 ,0, hH OL2 ,0, and H OL2 ,0 using Equations
15,16,17,18,21,22, and 23. The initial bulk temperature and pres-
sure are given by the reservoir depth, z0, and geologic temperature
gradient.

2 Set up a For-loop. The loop will increment in =N z z/0 steps
through the vertical elements. With each step, the elevation, z, in-
crements by z. Here, we use an elevation step increment of

z =100m. For a 2500m deep well, this results in 25 steps. In the
equations with both i and i+1 subscripts, the value from the pre-
vious step is given by i, while i+1 is the current value being solved.

3 Solve the System of Equations in each Step. The system of
equations is given by 19 Equations: 1, 2, 3, 4, 6, 7, 8, 11, 12, 13, 14,
15, 16, 17, 18, 19, 21, 22, and 23. There are likewise 19 unknown
variables: Tbulk i, , Pbulk i, , yH O MAX i2 , , , H OL i2 , , mCO i2, , mH Ov i2 , , mH OL i2 , ,
hCO i2, , hH Ov i2 , , hH OL i2 , , ECO i2, , E H Ov i2 , , E H OL i2 , , CO i2, , CO Solution i2, , ,

H OL i2 , , bulk i, , Vbulk i, , and Ploss i, . This system needs to be iteratively
solved due to the several implicit functions. Here, we solve with
EES, however, any software with similar capabilities, such as Non-
linear Equation System Solver (NESS) (Walsh et al., 2017) or MA-
TLAB, could be used.

2.1.4. Enthalpy Model Validation
A fundamental assumption of our model is that water is dissolved as

a vapor in the CO2 and, therefore, will release energy as it exsolves out
of solution as liquid water (Equation 10). An alternative modeling as-
sumption would be that little energy change occurs when the solubility
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changes and it therefore may be neglected (e.g. the assumptions of
T2Well). As our vapor-water assumption is the primary driver for our
results, we next validate this enthalpy modeling assumption with ex-
isting data.

Validation of our model over the entire range we simulate (25 to
50MPa at 65 to 265 °C) is not possible because the published enthalpy
of mixture values are limited for CO2-H2O systems. However, Chen
et al. (1992) published experimentally determined enthalpy of mixture
values for the CO2-H2O system from 225 to 325 °C at 10.4 to 15MPa.
Chen et al. (1992) reported the change in enthalpy as the specific en-
thalpy of mixing, Δhmix [kJ mol-1], for given values of the total mole
fraction of CO2 in the mixture, XCO2. Here, we attempt to fit our en-
thalpy of mixing model to their results. Our hypothesis is that the ob-
served enthalpy of mixing can be explained by the vaporization of
water into the CO2-rich phase. We develop a model which accounts for
this vaporization and compare it with the data in Chen et al. (1992) to
validate our assumption.

The specific enthalpy of mixing is defined by Chen et al. (1992) as
the change in energy of a fixed number of moles of the mixture from its
pure substances, divided by the total moles (Equation 24).

=
+

h
E E
n nmix
mixture pure

CO H O2 2 (24)

Here the total energy of the pure substances is the sum of the molar
enthalpies of CO2 and liquid water (Equation 25).

= +E n h n hpure CO m CO H O m H OL2 , 2 2 , 2 (25)

Our model makes the assumption that the total energy of the mix-
ture is the sum of CO2, liquid water, and dissolved water vapor energies
(Equations 11–14), expressed in molar units Equation 26.

= + +E n h n h n hmixture CO m CO H Ov m H Ov H OL m H OL2 , 2 2 , 2 2 , 2 (26)

We assume that the mole fraction of aqueous CO2 is negligible (i.e.
xCO2 ≈ 0) as the solubility of CO2 in water is less than 2% over the
range of temperatures and pressures that we examine. We also assume
that CO2 has the same energy, regardless of whether it is a solute or
solvent (i.e. gaseous or aqueous).

The number of moles of H2O is the sum of moles in its different
phases (Equation 27).

= +n n nH O H OL H Ov2 2 2 (27)

Combining Equations 24 through 27 and eliminating terms yields
Equation 28. The molar enthalpy of liquid water, hm,H2OL, is evaluated
at the temperature and pressure of the mixture. The molar enthalpy of
water vapor, hm,H2Ov, is evaluated as a saturated vapor at the mixture
temperature.

=
+

h n
n n

h h( )mix
H Ov

CO H O
m H Ov m H OL

2

2 2
, 2 , 2 (28)

For the CO2-rich phase, the solubility of H2O in the CO2, yH2O, is the
moles of dissolved water, assumed here to be vapor, divided by the total
moles of CO2 and H2O vapor (Equation 29).

=
+

y n
n nH O

H Ov

CO H Ov
2

2

2 2 (29)

The total mole fraction of CO2 in the mixture, XCO2, is the moles of
CO2 divided by the total moles in the mixture (Equation 30).

=
+

X n
n nCO

CO

CO H O
2

2

2 2 (30)

Combining Equations 28 to 30 yields a specific enthalpy of mixing
relationship, which is a function of CO2 mole fraction, XCO2, water so-
lubility in CO2, yH2O, and the enthalpy difference of water, (hm,H2Ov –
hm,H2OL). We use this relationship (Equation 31) to explain the data of
Chen et al. (1992).

=h X
y

y
h h

1
( )mix CO

H O

H O
m H Ov m H OL2

2

2
, 2 , 2

(31)

A mixture of CO2 and H2O has two regions, one “CO2-limited,”
where there is excess water and any CO2 is fully saturated with H2O
(Region I), and one “H2O-limited,” where there is excess CO2 and the
CO2 contains H2O at concentrations below its solubility limit (Region
II). Fig. 1A shows these two regions with data from Chen et al. (1992)
for a pressure of 12.4MPa and a temperature of 250 °C. At this tem-
perature and pressure, the solubility limit is yH2O,MAX= 0.387 from
Spycher et al. (2003; 2010; 2005). In addition, at this temperature and
pressure, the difference in enthalpy between vapor and liquid H2O,
(hm,H2Ov – hm,H2OL), is 30.9 kJ mol-1.

At a CO2 mole fraction of XCO2 = 0, the system is pure water. As the
CO2 mole fraction increases through Region I, the dissolved water mass
increases, requiring more vaporization of water, thereby increasing the
enthalpy of mixing. Once the full saturation point is reached at
XCO2= 1 – yH2O,MAX, all H2O has been dissolved into CO2 and there is
no excess water. This occurs at XCO2= 0.613 in Fig. 1A. As the CO2
fraction is increased into Region II, there is insufficient H2O present to
fully saturate the CO2. Consequently, the fraction of H2O in the CO2,
yH2O, decreases below the saturation point, so that the amount of va-
porized water decreases, decreasing the enthalpy of mixing.

=h
X

y
y

h h

X h h

1
( )(RegionI)

(1 )( )(RegionII)
mix

CO
H O MAX

H O MAX
m H Ov m H OL

CO m H Ov m H OL

2
2 ,

2 ,
, 2 , 2

2 , 2 , 2 (32)

Fig. 1. The correlation of our modelled enthalpy of mixing with experimental data (Chen et al., 1992). A) At a single pressure and temperature of 12.4MPa and
250 °C (with a solubility limit of yH2O,MAX= 0.387). The transition between Regions I and II occurs at XCO2= 0.613= 1 - 0.387. B) The Region I agreement between
our enthalpy of mixing model and experimental data for all temperatures and pressures reported by Chen et al. (1992).
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Equation 32 provides the enthalpy of mixing relationships, modified
from Equation 31, for Regions I and II, respectively. In Region I, the CO2
is always fully saturated with H2O (yH2O = yH2O,MAX). In Region II, the
H2O in CO2 is below the saturation limit. As we assume that there is no
CO2 dissolved in H2O (xCO2 ≈ 0) and all the water is dissolved in CO2,
the CO2 mole fraction is equal to one minus the mole fraction of H2O in
CO2, i.e., XCO2= 1 – yH2O. Thus, Equation 31 further reduces in
Equation 32 for Region II. Equation 32 is plotted as lines in Fig. 1A.

The enthalpy of mixing values are plotted against the CO2 mole
fractions in Fig. 1A. In Region I, these values form a line with a slope of
19.48 kJ mol-1, which is the first derivative of Equation 32.

Fig. 1B shows the correlation between our Region I enthalpy of
mixing model (Equation 32) and the data reported by Chen et al. (1992)
for all their investigated temperatures and pressures. A correlation of
R2=1 and a slope of 1 would indicate a perfect agreement between the
models. The resulting slope and coefficient of determination (R2) are
0.968 and 0.983, respectively, for our model (Equations 24–32), thus
our model accounts for 98.3% of the data variation but underestimates
their values by ∼3%. The variation between the experimental values
and the model is within the 5% uncertainty in the soluble H2O mole
fraction, yH2O, reported by Spycher et al. (2005), indicated by the
vertical error bars in Fig. 1B. Additionally, the 3% experimental var-
iations reported by Chen et al. (1992) are indicated by the horizontal
error bars in Fig. 1B.

In Region II, the mole fraction of water is insufficient to fully sa-
turate the CO2 and yH2O decreases below the saturation limit, yH2O,MAX.
This relationship between the CO2 fraction and the enthalpy of mixing
is given by Equation 32, where the slope is the negative of the differ-
ence of H2O enthalpies (-30.9 kJ mol-1).

While our model fits the data quite well in Region I, it overestimates
the enthalpy of mixing in Region II. It is possible that in this region, not
all the water enters the solution and some water remains as a liquid,
which is not accounted for in our model. Additionally, allowing for CO2
dissolution in water (i.e. xCO2> 0) would reduce the available CO2 and
more closely align the model to the data. However, in the wellbore
model, used in this paper, the CO2 is always fully saturated with H2O,
so that we are chiefly concerned with the data fit in Region I. Thus, our
assumption that the enthalpy of mixing is primarily determined by the
vaporization and condensation of water into fully-saturated CO2 is va-
lidated here.

In this section, we have shown that the enthalpy of mixing may be
approximated by the enthalpy difference between water liquid and
vapor for a CO2-H2O solution, and validated this assumption using data
from Chen et al. (1992). Therefore, our assumption that dissolved water
in CO2 may be modeled as saturated vapor is justified.

2.2. TOUGH2 Simulator Model

Our results are compared with results we obtain employing the
standard well flow simulator TOUGH2 T2Well (Pan et al., 2011, 2009).
T2Well (Pan et al., 2011) uses the TOUGH2 (Pruess et al., 1999) nu-
merical simulator with the TOUGH2-ECO2N (Pruess, 2005) equation of
state module. The T2Well-ECO2N module incorporates the thermo-
dynamic properties of the CO2-H2O-NaCl system, but the ECO2N
module is limited to the temperature range from 12 to 110 °C, which is
a subset of the parameter space investigated here. Thus, the T2Well
simulator results can only be compared to our results, where they are
also valid.

The T2Well simulator differs from our model in three ways. First, it
uses a transient drift-flux model (DFM) to simulate the flow rates and
pressure losses of the two-phase flow of CO2-H2O mixtures (Pan et al.,
2009). In contrast, our model assumes a single, homogenous flow with a
single bulk density and velocity. As the fraction of liquid water is small
for the cases considered here, the inclusion of the DFM modeling ap-
proach is not expected to produce appreciable differences from our bulk
flow models. Second, unlike our approach, the ECO2N module does not

include the change in fluid enthalpy as the water exsolves from CO2 to
free-phase liquid water. Instead, the ECO2N module assumes that the
CO2, with H2O in solution, has the thermodynamic properties of dry
CO2. Third, the T2Well simulator numerically integrates, using 10-
meter segments along the axis of the well, whereas we use 100-meter
well segments. This difference in well segment length is negligible, as
our previous study has found that 100-meter well segments result in
less than 1% discretization error from much shorter well segments
(Adams et al., 2014).

Thus, the T2Well simulator differs primarily from our simulations of
water-saturated CO2 in that it neglects the heat of vaporization of water
as the water exsolves from CO2 in the wellbore. Therefore, we expect
the results of the T2Well model to agree most closely with our simu-
lations for the dry CO2 cases.

2.3. Power Plant Sensitivity Model

The surface power plant model determines the change in electric
power generated from a direct CO2-Plume Geothermal (CPG) system
that uses water-saturated (i.e. wet) CO2 instead of the pure, dry CO2
that we used in our previous work (Adams et al., 2015, 2014). The
direct CPG system generates power by directly expanding the produced
CO2 in a turbine, as opposed to the less efficient binary cycle, where
heat is transferred to a secondary working fluid to generate power
(Adams et al., 2015). Wet CO2 will affect the power generated due to
the change in two principal system parameters: 1) the temperature and
pressure of the fluid at the wellhead and 2) the mass flow rate of CO2
that passes through the turbine, provided that free-phase liquid water is
removed at the wellhead, before the turbine.

In this power model, we assume conservatively that any produced
liquid water will be separated from the wet CO2 before the turbine,
thereby reducing the mass flow rate through the turbine (Fig. 2).
Conventional tank separation methods are assumed for the separation
of fluids. As these are relatively simple devices, allowing the different
phases, with differing densities, sufficient time to separate, in principle,
they do not require power to operate. Thus, the energy required to
remove the water is neglected (Hansen et al., 1993; Simmons et al.,
2002). Additionally, the water separator is assumed to be isobaric and
isothermal.

To estimate the effect of wet CO2 on power generation, the turbine
power, Wturbine, is numerically simulated with Engineering Equation
Solver (EES) for each of the four well models, namely 1) Dry CO2 Only,
2) CO2 Solution Proxy, 3) Solution Density Approximation, and 4) T2Well,
which are presented in Section 2.0. Consistent with our earlier work
(Adams et al., 2015), we assume an η=78% isentropic turbine effi-
ciency (Equation 33).

= h h
h h

( )
( )

in out

in out isentropic, (33)

The power generated by an adiabatic turbine is the product of the
mass flow rate and the difference between the enthalpy of the fluid at
the turbine inlet and exit (Equation 34). The fluid flowing through the
turbine is assumed to be pure CO2.

=W m h h( )turbine turbine in out (34)

In the dry CO2 case, the mass flow rate through the turbine is equal
to the mass flow rate in the well and there is no need for a separator.
When free-phase liquid water is separated from the produced fluid, the
fluid (then just CO2) mass flow rate through the turbine is reduced by
the fraction of water, ϕH2OL, that is removed from the produced fluid
(Equation 35).

=m m (1 )turbine total H OL2 (35)

The turbine inlet enthalpy is found using the wellhead fluid pressure
and temperature, which change when wet CO2 is considered. As a re-
sult, the fraction of turbine power change, due to the wet CO2, relative
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to the turbine power when using dry CO2, is given by Equation 36.

=W
W

h h
h h

(1 )
( )
( )

1H OL
in wet out wet

in dry out dry
2

, ,

, , (36)

The turbine inlet enthalpy, hin, is calculated from the temperature
and pressure at the wellhead. The exit enthalpy, hout, is calculated using
the isentropic turbine efficiency. The isentropic outlet enthalpy,
hout,isentropic, is the enthalpy at the state defined by the inlet entropy and
an exit pressure equal to the saturation pressure of CO2 at a temperature
of 22 °C (6.03MPa), similar to Adams et al. (2015).

3. Application and Results

The results are described in three parts: a single comparison case, a
parametric study, and a power generation sensitivity analysis. A single
case is used first to illustrate the differences between each of the well
models. Then, the impact of wet CO2 on wellhead temperature and
pressure is found for a range of reservoir depths from 2.5 km to 5.0 km
and for geothermal temperature gradients from 20 °C/km to 50 °C/km.
Lastly, we employ a power generation sensitivity analysis to estimate
the change in surface plant power generated due to the exsolution of
water from CO2.

3.1. Single Comparison Case

This comparison is conducted employing values from the base case,
described in Adams et al. (2015), where the total production fluid mass
flow rate is 100 kg/s, the production well depth is 2.5 km, the geo-
thermal temperature gradient is 35 °C/km, and the mean annual surface
temperature is 15 °C. Thus, the downhole reservoir temperature is
102.5 °C and the fluid pressure in the reservoir is hydrostatic, at
25MPa. We assume a production well diameter of 0.41meters. The
results are summarized in Fig. 3 in terms of pressure, temperature, and
liquid H2O mass fraction.

The wet CO2-H2O models predict higher wellhead pressures and
temperatures than the pure CO2 case, as shown in Fig. 3A and B. Both
exsolution models, the CO2 Solution Proxy and the Solution Density Ap-
proximation, result in substantially larger increases in the wellhead
pressure and temperature than the T2Well and dry CO2 models. In both
of these cases, the temperature increase is from the inclusion of the
exothermic exsolution of H2O in the model, with the released energy
increasing the fluid temperature relative to the pure CO2 and T2Well
cases. The increased fluid temperature, in turn, reduces the density of
the CO2 and the bulk fluid density, resulting in higher pressures in the
wellbore. The T2Well model is similar to the dry CO2 case, with slightly
elevated pressures and temperatures, as this model excludes the exo-
thermic exsolution of CO2. Thus, including the exsolution of H2O in the
model has a substantial impact on the wellbore pressure and tem-
perature profiles.

The pressure and temperature differences between the CO2 Solution
Proxy and Solution Density Approximation models illustrate the effect of
varying the CO2 solution density. The CO2 Solution Proxy method ap-
proximates the solution density as that of pure CO2 and, therefore, only
differs from the T2Well and pure CO2 methods by including the heat
addition from the exothermic exsolution of H2O. As a result, this
method always has a bulk density less than the density of dry CO2 in the
well, indicated by the positive pressure profile in Fig. 3A. In contrast,
the Solution Density Approximation model directly calculates the CO2
component solution density, which can have densities greater than pure
CO2, even at elevated temperatures. This higher density is indicated in
Fig. 3A by the negative pressure difference near the bottom of the
vertical production well. In the 2.5 km, 102 °C base case, the density
difference between these models is small, as the amount of H2O in so-
lution is small, and thus the production wellhead pressure and tem-
perature are similar, varying by 0.1MPa and 0.5 °C (zero depth in
Fig. 3A and B).

Fig. 3C shows the percentage of free-phase liquid H2O in the pro-
duction well. As the fluid ascends in the well, its pressure and tem-
perature decrease, which decreases the solubility of H2O in CO2, so that
H2O exsolves and forms free-phase water. All three solution models
predict similar free liquid H2O mass fractions as a function of well
depth and use the same model to predict the H2O saturation limit. Thus,
the slight variation between each model is caused by the small differ-
ences in predicted wellbore pressure and temperature. It is worth
noting, that the T2Well case has exsolved slightly more liquid H2O by
the time the production wellhead is reached, compared to the other
models, as the T2Well model results in the lowest predicted wellhead
pressure and temperature. Overall, this base case has a small amount of
wellhead H2O produced, 0.62% +/- 0.02%, because the downhole
reservoir temperature and pressure are relatively low, minimizing the
amount of H2O that dissolves into CO2, and thus minimizing the
amount of dissolved H2O entering the production wellbore. With less
H2O that can come out of solution, less H2O is exsolved by the time the
production wellhead is reached.

3.2. Parameter Space

We estimate the temperature, pressure, and free-phase H2O mass
fraction of the produced fluid for combinations of three reservoir depths
(2.5 km, 3.5 km, and 5.0 km) and three geothermal temperature gra-
dients (20 °C/km, 35 °C/km, and 50 °C/km). The mass flow rate of
water-saturated CO2, at the production well inlet (located at reservoir
depth), is constant at 100 kg/s and is based on our previous work
(Adams et al., 2015). The mean annual surface air temperature is 15 °C
and the well diameter is 0.41m. Table 2 shows the mass fraction of H2O
in solution entering the production well from the reservoir and the free-
phase liquid H2O at the production wellhead. Table 3 presents the fluid
pressures and temperatures at the production well inlet and at the

Fig. 2. Schematic of the surface com-
ponent of a CO2-Plume Geothermal
(CPG) power plant that includes liquid
water separation at the surface, where
ṁTotal is the total mass flow rate of the
produced multi-phase fluid and ṁH2OL

is the mass flow rate of liquid water. All
other parameters are defined in the
main text and in Table 1.
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production wellhead.
Table 2 shows that the solubility of H2O in CO2 increases as the

temperature and pressure of the fluid increase. The solubility of H2O in
CO2 in the reservoir ranges from 0.42% in a 2.5 km deep, 65 °C re-
servoir to 19.01% in a 5.0 km deep, 265 °C reservoir.

At the wellhead, the produced mass fraction of liquid H2O is gen-
erally low, despite the large mass fractions of H2O that enters from the
reservoir in the form of H2O dissolved in CO2, as H2O tends to remain in
solution with the CO2. The fraction of liquid water produced at the
wellhead varies between 0.28% for a 2.5 km deep, 65 °C reservoir and
3.98% for a 5.0 km deep, 265 °C reservoir. Additionally, in all but one
case (the 5.0 km deep and 265 °C hot reservoir), the models predict
production wellhead liquid water fractions less than 3%. In this study,
we do not consider any free-phase liquid H2O that may enter the pro-
duction well from the reservoir, as such H2O addition is expected to be
minor for pore-space CO2 saturations around the production well inlet
of at least 40% (Buckley and Leverett, 1942). This minimum CO2 sa-
turation is assumed to be required to begin CPG operations (Garapati
et al., 2015). Furthermore, the focus of our paper here is on quantifying
the amount of extra power generation due to the exothermic exsolution
of H2O that entered the production well dissolved in CO2.

The produced wellhead temperature for wet CO2 is almost always
greater than that of dry CO2, and generally increases with the reservoir
depth and geothermal temperature gradient, as shown in Table 3. This
occurs because the exothermic exsolution of water from CO2 during the
ascent of the fluid in the production well increases the fluid tempera-
ture, as previously discussed. The notable exception to this is seen in the
T2Well results, as T2Well neglects the enthalpy of exsolution and can
thus result in wellhead temperatures that are lower than those pre-
dicted by the Dry CO2 model.

The wellhead pressure varies with the density assumptions for the

wet CO2 cases. The CO2 Solution Proxy method always results in well-
head pressures greater than the dry CO2, a result of assuming that the
CO2 component density is that of dry CO2, while simultaneously al-
lowing exothermic H2O exsolution to heat the fluid. The Solution Density
Approximation method results in increased wellhead pressures when the
mass fraction of H2O in solution is low (typically below 2%), which
generally occurs at low geothermal temperature gradients and shallow
reservoir depths. At larger mass fractions of H2O in solution, the solu-
tion density increases, due to the dissolved H2O, and the wellhead
pressure is less than that of dry CO2, despite the exsolution effects.
Hence, the choice of the solution density model has a substantial impact
on wellhead pressures and should thus be carefully chosen. Therefore,
we recommend using the more complex Solution Density Approximation
and reserve the CO2 Solution Proxy only for approximations.

The mass fraction of H2O in solution in CO2, given by Spycher et al.
(2003), has an uncertainty of 5%. When this error is propagated
through our wellbore models, the resulting uncertainty in pressure and
temperature at the production wellhead is less than 0.5% and the un-
certainty in the produced free-phase liquid water at the production
wellhead is 5%. Furthermore, the uncertainty in the power generated
by the turbine (Section 3.3) is less than 1.1% for all cases.

3.3. Power Generation Sensitivity to Exsolved Water

The exsolution of water from CO2 affects the electric power gen-
eration of a direct CO2-Plume Geothermal (CPG) power plant in two
important ways: 1) by reducing the CO2 mass flow rate through the
turbine, as we conservatively assume that the free-phase liquid water is
removed before the fluid enters the turbine, and 2) by changing the
wellhead fluid temperature and pressure. Thus, in this section, we in-
vestigate the change in power generation due to these processes.

Fig. 3. Differences, for the base case, between each solution model and the pure CO2 model over the length of the vertical production well for (A) fluid pressure, (B)
temperature, and (C) the free-phase liquid water ratio. A positive difference indicates that the model predicts a greater value than the dry CO2 model.

Table 2
The mass fraction of water in the CO2 solution, entering the production well, and the mass fraction of free-phase liquid water at the production wellhead for each well
model for reservoir depths of 2.5, 3.5, and 5 km and geothermal temperature gradients of 20, 35, and 50 °C/km.

Reservoir H2O Mass Ratio (%) Wellhead Liquid H2O Mass Ratio (%)

Reservoir
Depth (km)

Reservoir
Pressure (MPa)

Temperature
Gradient (°C/km)

Reservoir
Temperature (°C)

CO2 Solution
Proxy

Solution Density
Approximation

T2Well CO2 Solution
Proxy

Solution Density
Approximation

T2Well

2.5 25 20 65.0 0.42 0.42 0.42 0.28 0.28 0.31
2.5 25 35 102.5 0.93 0.93 0.90 0.63 0.63 0.65
2.5 25 50 140.0 2.09 2.09 - 1.04 1.08 -
3.5 35 20 85.0 0.69 0.69 0.69 0.49 0.47 0.52
3.5 35 35 137.5 2.15 2.15 - 1.31 1.36 -
3.5 35 50 190.0 5.63 5.63 - 1.93 2.02 -
5.0 50 20 115.0 1.44 1.44 - 1.03 1.03 -
5.0 50 35 190.0 5.97 5.97 - 2.57 2.71 -
5.0 50 50 265.0 19.01 19.01 - 3.72 3.98 -
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The electric power output of a turbine is given by the product of the
mass flow rate and the enthalpy drop across the turbine (Equation 34).
As mentioned before, we assume an isentropic turbine efficiency of
78%. The exsolution of water from wet CO2 alters the fluid state at the
wellhead from that of dry CO2, while the turbine outlet pressure re-
mains fixed. Thus, the enthalpy difference across the turbine changes,
which results in differences in turbine power output. Only the change in
generated turbine power is considered here. Parasitic power, for ex-
ample due to running pumps, compressors, fluid separation devices, or
cooling fans is neglected. Separation power is assumed small and, thus,
negligible, as described in the methodology section.

Table 4 and Fig. 4 show the increase in the electric power output
from dry to wet CO2 for the CO2 Solution Proxy, the Solution Density
Approximation, and the T2Well simulations. The produced water frac-
tion values from Table 2 are used in Equations 33–36 to determine the
change in the electric power output of the turbine.

Table 4 shows that wet CO2, with liquid water removal, generates
approximately 8% to 41% more electric power in a direct CPG system
than dry CO2, because, as described before, the exothermic exsolution
of water from solution in CO2 increases the production wellhead fluid
enthalpy, that later increases the electric power generation by the
turbine. This effect more than outweighs the reduction in power gen-
eration due to the decreased mass flow rates that result from our con-
servative assumption that the free-phase liquid water is removed before
the turbine. It is worth noting that after the turbine generally over 95%
of the produced H2O exsolves from the solution, which is typically
significantly larger than the exsolved fraction at the wellhead, thus li-
quid H2O separation after the turbine may be required (in addition to

any H2O separation that occurred before the turbine to protect the
turbine) to prevent H2O reinjection, reducing the injectivity index,
causing fluid and pressure buildup in the reservoir near the injection
well (Garapati et al., 2015).

The T2Well model predicts less extra electricity generation than the
wet exothermic exsolution models (i.e. the CO2 Solution Proxy and the
Solution Density Approximation). For example, at a reservoir depth of

Table 3
Fluid temperatures and pressures at the production wellhead for each well model and for reservoirs depths of 2.5, 3.5, and 5 km and geothermal temperature
gradients of 20, 35, and 50 °C/km.

Pressure (MPa) Temperature (°C)

Reservoir
Depth (km)

Reservoir
Pressure
(MPa)

Temperature
Gradient (°C/km)

Reservoir
Temperature
(°C)

Dry CO2 CO2
Solution
Proxy

Solution Density
Approximation

T2Well Dry CO2 CO2
Solution
Proxy

Solution Density
Approximation

T2Well

2.5 25 20 65.0 7.62 7.85 8.25 7.72 31.4 32.7 34.1 31.2
2.5 25 35 102.5 12.28 12.64 12.75 12.34 61.4 66.8 67.3 62.8
2.5 25 50 140.0 15.29 15.61 15.17 - 100.7 113.9 112.7 -
3.5 35 20 85.0 10.68 11.11 11.60 10.80 43.2 46.7 48.1 44.3
3.5 35 35 137.5 16.90 17.62 16.92 - 89.1 104.0 102.3 -
3.5 35 50 190.0 20.77 21.31 20.27 - 144.1 170.6 169.3 -
5.0 50 20 115.0 15.43 16.46 16.52 - 62.1 72.1 72.2 -
5.0 50 35 190.0 23.97 25.20 23.39 - 132.5 165.9 164.2 -
5.0 50 50 265.0 29.09 29.86 25.99 - 211.1 257.4 256.0 -

Table 4
Turbine electric power output and its percent increase for the geologic reservoirs of varying depths and temperatures for the three water solubility models considered
in this study.

Turbine Power (KWe) ΔW/Wdry (%)

Reservoir
Depth (km)

Reservoir
Pressure
(MPa)

Temperature
Gradient (°C/km)

Reservoir
Temperature (°C)

Dry CO2 CO2
Solution
Proxy

Solution Density
Approximation

T2Well CO2
Solution
Proxy

Solution Density
Approximation

T2Well

2.5 25 20 65.0 226 270 319 225 19.48 41.21 −0.62
2.5 25 35 102.5 1344 1538 1557 1388 14.43 15.85 3.27
2.5 25 50 140.0 2798 3192 3115 - 14.08 11.33 -
3.5 35 20 85.0 665 781 840 697 17.55 26.44 4.91
3.5 35 35 137.5 2448 2985 2895 - 21.94 18.26 -
3.5 35 50 190.0 4608 5397 5235 - 17.12 13.61 -
5.0 50 20 115.0 1435 1791 1796 - 24.81 25.16 -
5.0 50 35 190.0 4381 5557 5351 - 26.84 22.14 -
5.0 50 50 265.0 7629 8905 8306 - 16.73 8.87 -

Fig. 4. Increase in the electric power output of the turbine due to exothermic
water exsolution from water-saturated CO2 during the ascent of wet CO2 in the
production well from geologic reservoirs of varying depths and associated
temperatures for the three water solubility models considered in this study.
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2.5 km and a geothermal temperature gradient of 35 °C/km, the T2Well
model results estimate a 3.3% increase in power generation when
switching from dry to wet CO2, while the corresponding increase in
power generation with the CO2 Solution Proxy and the Solution Density
Approximation models is 14.4% and 15.8%, respectively. This occurs
because the T2Well model neglects the enthalpy of exsolution, which
fundamentally decreases the produced CO2 enthalpy.

It is worth noting that we include the results of the T2Well and the
CO2 Solution Proxy models here as they represent commonly used fluid
density assumptions, made in numerical simulators. However, our re-
sults, discussed below, show that accurate fluid density models (i.e. the
CO2-H2O equation of state in the Solution Density Approximation) are
essential to calculate production wellhead fluid properties of CO2-H2O
mixtures correctly.

The power generated is sensitive to the wellbore density model in
the vertical well, particularly at high mass fractions of H2O entering the
well. At low H2O mass fractions, generally below 2%, where the
Solution Density Approximation and the CO2 Solution Proxymethods yield
similar CO2 densities, the difference in the power generated between
the wet and the dry CO2 models generally increases with the mass
fraction of H2O. However, at larger H2O mass fractions, the density
yielded by the Solution Density Approximation method is higher than the
CO2 Solution Proxy method, resulting in lower wellhead pressures and
thus reduced power generation. For instance, the turbine power in-
crease for the 5 km deep, 265 °C reservoir case (with 19.01% H2O mass
fraction) varies between 8.9% and 16.7% solely due to the differences
in the fluid density model employed. Thus, for high H2O mass fractions
entering the well (i.e. deep reservoir with high geologic temperature
gradients), accurately modeling the solution density, as done in the
Solution Density Approximation, is vital in determining the power gen-
erated in wet-CO2 CPG systems. Additionally, it is worth noting that
these density models only consider the CO2-H2O system and that any
addition of other components would further alter the fluid density,
requiring the consideration of all components dissolved in the pro-
duction well CO2 phase to accurately predict CPG power output.

Overall, the largest factor that causes differences in turbine power
generation is the density of the production wellbore fluid. The CO2
Solution Proxy model estimates a slightly lower fluid density than the
Dry CO2model, which results in higher wellhead fluid temperatures and
pressures and, thus, more turbine power generation. Conversely, the
Solution Density Approximation model provides approximately the same
heat input, due to exsolving water, as the CO2 Solution Proxy, however,
the fluid density, determined by the Solution Density Approximation
model, can be substantially lower or higher than that of dry CO2, de-
pending on the dissolved water content. When the wellbore fluid den-
sity is lower than that of dry CO2, the production wellhead fluid pres-
sure is larger and the Solution Density Approximation model predicts
higher CPG electric power generation rates. Conversely, when the
wellbore density of the Solution Density Approximation model is larger
than that of dry CO2, the same energy input results in lower wellhead
fluid pressures and smaller increases in electric power generation. As
such, the enthalpy of exsolution and the CO2-H2O solution density are
fundamental components in the calculation of CO2-Plume Geothermal
(CPG) power generation and should not be neglected or substituted
with the properties of dry CO2.

4. Conclusions

Numerically modeling fluid mass and energy transfer in production
wells as wet CO2 (i.e., CO2 with dissolved H2O), instead of dry CO2, can
have a substantial impact on the wellhead fluid temperature and
pressure. Here, we show in particular, how the consideration of water,
first dissolved in CO2 at the bottom of a production well and later
partially, exothermally exsolving from the CO2 as the fluid rises in the

production well, can result in a substantial increase in the electric
power generation capacity of direct CO2-Plume Geothermal (CPG)
power plants. The results of our numerical simulations, for reservoir
depths of 2.5 km to 5.0 km and geothermal temperature gradients of
20 °C/km to 50 °C/km, suggest the following:

The inclusion of H2O in solution with CO2 leads to the production of free-
phase liquid H2O at the production wellhead, due to the exsolution of the
initially dissolved H2O during the upwards flow of the production fluid as it
experiences a decrease in fluid pressure and temperature, reducing the so-
lubility of H2O in CO2. Over the range of conditions we investigated, the
downhole, wet CO2 contains up to 19.2% dissolved H2O by mass, de-
pending on the temperature and pressure of the reservoir fluid, as-
suming that the reservoir CO2 is fully saturated with H2O. While the
mass fraction of produced wellhead liquid H2O is small for the majority
of cases (< 2%), it can be as much as 4% in the 265 °C reservoir case.

The employed wet CO2 models nearly always produce a higher wellhead
fluid temperature than dry CO2, due to the exothermic exsolution of H2O
from CO2. When the enthalpy input to CO2 from the exsolving and
condensing H2O is considered, all employed models yield wellhead
fluid temperatures that are typically between 1.3 °C and 46.3 °C higher
than when dry CO2 is assumed in the production well.

For large mass fractions of H2O in solution with CO2, the multi-com-
ponent density model of the Solution Density Approximation method is ne-
cessary. For H2O mass fractions dissolved in CO2 less than 1%, the CO2-
H2O solution density can be modeled as dry CO2 in the wellbore. At
H2O mass fractions greater than 1%, assuming the CO2 component is
dry CO2 (CO2 Solution Proxy method) yields substantially smaller fluid
densities, which cause overestimations of wellhead fluid pressures and
turbine power generation.

Considering water-saturated CO2, entering the production well of CPG
systems, increases the turbine electric power output, in the cases investigated,
by 15% to 25% on average and up to a maximum of 41%, compared to
when dry CO2 is assumed. The higher production wellhead fluid tem-
peratures and pressures, that result when using wet CO2, increase the
enthalpy difference across the turbine. This increase in electric power
generation occurs despite our conservative estimate that the liquid
water is removed at the wellhead, before the turbine, which reduces the
mass flow rate through the turbine and thus the power generation. We
note that this is the conservative estimate as some liquid H2O is ex-
pected to be acceptable in the turbine, given that the density difference
between liquid H2O and the CO2 is small in the turbine. However, the
discussion of the acceptable liquid H2O limit in a CO2 turbine requires
further research, and is beyond the scope of the paper.
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