
A. Khanal, M. Irfan Khan, M. Fahim Shahriar, Comprehensive Parametric Study of CO2 Sequestration in 
Deep Saline Aquifers, Chem. Eng. Sci. (2024) 119734. https://doi.org/10.1016/j.ces.2024.119734. 

1 
 

Final Accepted Manuscript 1 

Comprehensive Parametric Study of CO2 Sequestration in Deep Saline Aquifers 2 

Aaditya Khanal1* , Md Irfan Khan1,  Md Fahim Shahriar1 3 
1Jasper Department of Chemical Engineering, The University of Texas at Tyler 4 

Corresponding author's E-mail address: aadityakhanal@uttyler.edu 5 

 6 

A. Khanal, M. Irfan Khan, M. Fahim Shahriar, Comprehensive Parametric Study of CO2 Sequestration in 7 
Deep Saline Aquifers, Chem. Eng. Sci. (2024) 119734. https://doi.org/10.1016/j.ces.2024.119734. 8 

Abstract 9 
Carbon dioxide injection in deep saline aquifers is a key method for permanently sequestering 10 
anthropogenic CO2. This study employs a reactive transport model to explore mineral 11 
precipitation/dissolution and its impact on reservoir properties in deep saline aquifers. We also assess 12 
capillary pressure and relative permeability hysteresis on various CO2 trapping mechanisms. Results from 13 
this study reveal the significant influence of initial brine composition on mineral precipitation/dissolution. 14 
The dissolution and precipitation of minerals have different effects around the wellbores compared to the 15 
overall reservoir. Additionally, salt concentration (Ca++ and Mg++) and quartz surface area affect CO2 16 
mineralization, while Na+ impacts halite precipitation, altering flow properties. The effect of capillary 17 
pressure is significant, as including the capillary pressure in the simulation case resulted in significantly 18 
improved CO2 trapping, achieving almost total dissolution of the injected CO2 in around 300 years. This 19 
study offers novel insights into the interactions of reservoir minerals, brine properties, and the injected CO2. 20 

Keywords: Reservoir simulation, CO2 sequestration, Mineral precipitation, Mineral dissolution, Hysteresis 21 
modeling. 22 

1. Introduction 23 
The atmospheric concentration of CO2, a dominant anthropogenic greenhouse gas (GHG), which was 24 
recorded as 424 parts per million (ppm) in June 2023, has increased by almost 50% compared to the 25 
beginning of the industrial revolution [1,2]. Despite switching to renewable/low-emission energy sources 26 
and reducing CO2 emissions by other means, global energy-related CO2 emissions still stand at 35.5 GT, 27 
resulting in adverse climatic effects and frequent natural disasters [3–5]. The intergovernmental panel on 28 
climate change (IPCC) estimated that the earth's temperature will rise by 1.5 0C from 2030 to 2052 if CO2 29 
continues to increase at the current rate. Hence, there is an urgent need to mitigate CO2 emissions and 30 
prevent the catastrophic consequences of climate change [6]. Among the CO2 mitigation strategies, 31 
subsurface CO2 sequestration has become one of the most promising technologies to safely sequester carbon 32 
emissions from large stationary sources and slow atmospheric CO2 concentrations [7].  33 

Viable geo-sequestration sites have geophysical conditions suitable for the injected CO2 in the 34 
supercritical phase, which occurs at pressure and temperatures greater than 7.38 MPa and 304.13 K, 35 
respectively [7]. At supercritical conditions, CO2 exists as a supercritical fluid with a liquid-like density 36 
and gas-like mobility and compressibility. The high-density of supercritical CO2 makes it possible to store 37 
a large quantity of CO2 in the pores initially occupied by formation fluids. Following CO2 injection into any 38 
subsurface storage sites, initial trapping mechanisms are physical (hydrodynamic or structural trapping and 39 
residual trapping), whereas chemical-based trapping (dissolution trapping and mineral trapping) 40 
mechanisms come into effect as time progresses [8]. Upon subsurface injection, the CO2 displaces brine 41 
from the pore spaces of the reservoir. As the density of the supercritical CO2 (200-800 kg/m3) is 42 
considerably lower than the brine density (950 - 1250 kg/m3), most of the CO2 rises upward within the 43 
aquifer until it reaches an impermeable horizontal caprock, acting as a geological seal, where it is 44 
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structurally trapped as a gas or supercritical fluid beneath the aquifer caprock [5]. The supercritical CO2 45 
can spread laterally over a large area, depending on its buoyancy, the aquifer’s shape, and the slope of the 46 
caprock until it experiences another vertical trap. Correspondingly, during residual trapping, CO2 remains 47 
trapped as disconnected ganglia within the pore spaces of a geologic formation due to the snapping off of 48 
the continuous non-wetting phase (CO2) [9]. Meanwhile, the buoyant CO2 in contact with brine at the 49 
caprock slowly dissolves by molecular diffusion, forming a brine-CO2 solution. This solution is slightly 50 
denser than the pure brine by a factor of 0.1 - 0.2 %, depending on conditions in the aquifer, where the 51 
density gradient between the top layer and the layer immediately below creates a buoyant instability, 52 
resulting in the CO2-rich layer sinking to the bottom of the aquifer and being replaced by fresh brine. This 53 
process creates a loop, migrating the free CO2 trapped as a separate phase to the bottom of the aquifer as 54 
the brine-CO2 solution, known as dissolution trapping [7]. Finally, CO2 can engage in direct or indirect 55 
reactions with rock minerals and aquifer ions in the geologic formation, resulting in the precipitation of 56 
various carbonate minerals depending on the initial brine properties and rock mineralogy. The mineral 57 
trapping process can potentially immobilize CO2 for extended periods, impeding its release into the 58 
atmosphere.  59 

Although several CO2 subsurface storage sites, such as depleted oil and gas reservoirs, can store 60 
CO2 using the same mechanisms for trapping hydrocarbons, deep saline aquifers offer significantly larger 61 
storage capacity, and suitable formations are available globally [5]. Upon injection into saline aquifers, CO2 62 
dissolves into its aqueous phase, forming ionic species such as 𝐻𝐻𝐻𝐻𝑂𝑂3−, 𝐶𝐶𝑂𝑂32− and 𝐻𝐻+ which alters the pH, 63 
leading to several geochemical reactions such as precipitation and dissolution of minerals when interacting 64 
with carbonate and silicate minerals in the host rock. Furthermore, mineral dissolution is enhanced under 65 
acidic conditions, leading to accelerated breakdown, while alkaline conditions promote the precipitation of 66 
carbonate compounds [10]. While injecting large volumes of under-saturated (dry) supercritical CO2 into a 67 
saline aquifer, the formation water will evaporate, increasing the molar fraction of water in the CO2 stream. 68 
The water vaporization also leads to an increase in the concentration of NaCl in brine. Once the NaCl 69 
concentration exceeds its solubility limit, it will precipitate out as halite from aqueous phase, as shown in 70 
Figure 1. Moreover, the CO2 plume spreading through the reservoir causes a decrease in pressure and an 71 
increase in temperature, leading to changes in the solubility of other minerals  [9,11]. Additionally, the 72 
CO2-saturated water has a low pH (3-4), which can dislodge fines and dissolve intergranular cement, further 73 
migrating under the drag force of the injected CO2 and accumulating in pore throats, reducing the reservoir 74 
porosity and permeability, as illustrated in Figure 1 [12,13]. This can cause problems during the injection 75 
process, as it reduces the storage space for CO2 and can lead to decreased injectivity and increased operating 76 
costs, as reported in several experimental and simulation studies [8,9,11,14]. The newly formed mineral 77 
compounds generally reduce the porosity and permeability than the original rock matrix. Therefore, the 78 
precipitation of the mineral near the caprock creates a more impermeable layer underneath it, acting as a 79 
physical barrier preventing the upward migration of CO2 [15]. This sealing effect helps to ensure the long-80 
term containment and stability of the stored CO2 within the targeted storage formation. 81 
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Giorgis et al. [25] investigated the occurrence of salt precipitation during CO2 injection in depleted gas 109 
reservoirs using TMGAS. Their findings suggested that a concentration of halite precipitation occurred near 110 
the injection well when the water saturation was above the irreducible water saturation level. 111 

Inputs such as relative permeability curves, capillary pressure curves, and hysteresis modeling are 112 
crucial parameters in reservoir simulation [26–29]. Parvin et al. [30] developed an empirical formula 113 
describing the effect of capillary pressure on the mineral precipitation near the injection well. Their model 114 
showed that mineral precipitation occurred even in the absence of capillary pressure, but the extent of 115 
precipitation was strongly influenced by capillary pressure. Miri et al. [31] concluded that gas-liquid 116 
capillary pressure significantly affects mineral precipitation. Juanes et al. [32] reported that modeling 117 
relative permeability hysteresis is crucial to assess the amount of CO2 immobilized by capillary trapping 118 
accurately. However, the results remained the same regardless of whether hysteretic or non-hysteretic 119 
capillary pressure curves were utilized. A similar trend was exhibited in the work of Ershadnia et al. [9], 120 
where the impact of capillary pressure on snap-off trapping was highly dependent on whether relative 121 
permeability is hysteretic or non-hysteretic. The findings reveal that when relative permeability lacks 122 
hysteresis, the proportion of CO2 trapped through snap-off is minimal, amounting to just 1.6%.  123 

Despite the substantial number of recent studies on trapping CO2 in saline aquifers, based on the 124 
literature review and the authors’ knowledge, some focus areas have received limited attention, as shown 125 
in Table 1. We summarize the focus areas explored in the prior studies but require further investigation to 126 
understand critical aspects and address knowledge gaps. Furthermore, a broad overview is provided 127 
considering the crucial factors governing CO2 storage performance, which will provide important insights 128 
into overall saline aquifer system behavior. 129 

Table 1. Research areas of CO2 trapping in saline aquifers that require further investigation 130 

Focus area Detailed information on the contribution of this 
work 

Sections Prior 
Studies 

Capillary pressure and 
relative permeability 
hysteresis effects on different 
trapping mechanisms 

Although the short-term impact of capillary 
pressure and relative permeability hysteresis has 
been investigated for residual trapping 
mechanisms, its long-term implications for 
dissolution and mineralization are unclear. 

Section 
3.1.3 

[33–
38] 

Halite precipitation Although halite precipitation near the injection 
well is reported in most studies, the overall 
dissolution/precipitation behavior throughout 
the aquifer needs further investigation. 

Section 
3.1.4 

[23,30,
39,40] 

Variability in operating and 
geophysical parameters 

Although several studies report a range of 
values for different parameters used in their 
studies, detailed investigative analysis on the 
effect of varying operating (injection rate) or 
geophysical (permeability, porosity) parameters 
need further investigation 

Section 
3.2 

[33,35,
36] 

Initial aquifer brine 
concentration 

The reported initial aquifer brine concentration 
has a wide degree of uncertainty, which requires 
a sensitivity analysis for the effect of brine 
concentration on CO2 sequestration. 

Section 
3.2.4 

[33,36,
41,42] 
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Effect of reactive surface area 
(RSA) in mineralization 
trapping 

Most studies report the level of mineral trapping 
using a constant RSA. This study reports the 
effect of RSA on various minerals in the aquifer. 

Section 
3.2.5 

[43–
45] 

Comprehensive Overview  Based on our literature review, although many 
studies focus on aspects of CO2 trapping, a 
structured and broad overview encompassing 
the crucial factors governing CO2 storage 
performance is lacking. 

- - 

 131 

One of the key contributions and novelty of this study includes investigating the effects of capillary 132 
pressure and relative permeability hysteresis on solubility trapping and mineralization. An outline of this 133 
paper is as follows: in Section 2, we briefly discuss the study area, properties of the reservoir model, and 134 
geochemical considerations for this study. We follow this in Section 3 with our results for the base case 135 
model and the effect of varying parameters that impact the interaction between fluids and rocks, aiming to 136 
identify favorable characteristics for the storage of CO2 in deep saline aquifers. Finally, Section 4 discusses 137 
our current state of understanding and identifies potential areas needing further investigation, and Section 138 
5 presents the general conclusions. 139 

2. Characteristics of Reservoir and Geochemical Considerations 140 
The saline aquifer model is developed with a compositional reservoir simulator (CMG-GEM, version 141 
2023.20), which includes component transport, thermodynamic equilibrium, material balance, and phase 142 
equilibrium equations to represent the system's interaction between the brine and CO2  [46,47]. Moreover, 143 
it accounts for the geochemical and chemical equilibrium, mineral dissolution, precipitation reactions, and 144 
changes in porosity and permeability when CO2 is injected into a deep saline aquifer, incorporating the 145 
most critical aspects of CO2 subsurface storage in subsurface formations. The model assumes no 146 
geomechanical effects and no impurities in primary minerals, and the impact of secondary minerals and 147 
capillary pressure hysteresis is considered negligible. We have summarized a comprehensive overview of 148 
the governing equations used in the simulator to characterize the geochemical reactions, mineral 149 
dissolution/precipitation, porosity-permeability relationship, relative permeability, and capillary pressure 150 
in Appendix A.  151 

2.1. Location of the Study Area 152 
We use the geochemical and mineral data from the upper Mt. Simon sandstone from the Illinois Basin-153 
Decatur Project (IBDP) for the base case reservoir. The IBDP, located in Northern Illinois, is a significant 154 
demonstration site for injecting and storing CO2 on a large scale. From 2011 to 2014, one million MT of 155 
CO2 was injected at varying flow rates (1000-3000 MT per day) into the Mt. Simon formation [48,49]. Mt. 156 
Simon's formation is classified into three distinct sections: Lower, Middle, and Upper [50]. The Upper Mt. 157 
Simon is found in the intertidal zone and is composed of sandstone and shale deposits at a depth of 1700-158 
1795 m and exhibits an average log porosity of 10-15% and a log permeability of 184-200 mD  [51,52]. 159 
The Upper Mt. Simon sandstone is overlain by the Eau Claire formation which serves as a caprock for the 160 
interbedded sandstone, dolomitic sandstone, mudstone, dolomite, and shale that comprise the IBDP. The 161 
middle of Mt. Simon (1795 -1951 m) is characterized by poor reservoir quality with an average log porosity 162 
and permeability of 12% and 44 mD, respectively. Moreover, some regions have porosities of less than 163 
10% [51] and permeability of less than 10 mD [11,53]. The lower sandstone shows a high average log 164 
porosity and permeability of 25% and 884 mD, respectively [51].  165 

The base case reservoir is modeled using the properties resembling the Upper Mt. Simon sandstone, 166 
allowing us to accurately assess CO2-fluid-rock interactions near the caprock. Furthermore, a 167 
comprehensive sensitivity analysis is presented in later sections to investigate the effect of varying 168 
operating and geophysical properties used in the base case model. It should be noted that, although the 169 
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reservoir data from the Mt. Simon aquifer is used, this study does not aim to predict the performance of a 170 
specific storage site but rather provides a fundamental understanding of the impacts of various operational 171 
and geological uncertainties on CO2 transport and sequestration in deep saline aquifers. 172 

2.2. Reservoir Properties 173 
An isothermal two-dimensional (2D) model with 4060 cartesian grid-blocks (divided into 174 

203x1x20 in I, J, and K directions, respectively) is created with a top-grid depth of 1700 m, as shown in 175 
Figure 2. The grid block size in the I and K directions are optimized to use refined grid-blocks close to the 176 
wellbore using logarithmically spaced local grid refinement, as shown in Table 2.  177 

 178 

Table 2. Reservoir grid sizing adopted in this study. 179 

Direction 
considered 

Number of 
grid-blocks 

Grid sizing dimensions and additional information 

I direction 203 • Dimension of central 3 grid blocks on either side of the perforation: 
1.26 meters 

• The dimensions of the remaining 200 grid blocks are 2 to 10 meters, 
where grid blocks near the wellbore region are more refined. However, 
the blocks get coarser near the outer boundary, using logarithmic 
spacing between 2 and 10 m. 

K direction 20 • Grid sizes are logarithmically spaced between 2 and 10 𝑚𝑚, where grids 
get more refined near the wellbore region. To maintain a reservoir 
thickness of 100 m, the bottommost grid-block size is reduced to 1.5 
m from 2 m. 

 180 

The refinement scheme near the perforation zone, usually used for modeling hydraulic fractures, is required 181 
to capture the drastic change in the reservoir pressure and component saturation during the injection of CO2 182 
[28]. This refinement technique also improves numerical simulation convergence and reduces the 183 
simulation time needed for a compositional simulation with multiple geochemical reactions compared to 184 
the simulation model with uniform fine grids with s negligible loss in accuracy. We use a uniform grid 185 
length of 2 m in the J direction. The injection well is located in the middle of the model, and vertically 186 
perforated at the lower portion of the reservoir in the bottom three grid-blocks (I = 102, K = 18:20). 187 
Validation of the grid sizing adopted for the base case is presented in Appendix B.1 by performing grid-188 
sensitivity analysis. 189 
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Permeability mD 200 [51,52,54] 

Pressure Kpa 17,000 [54] 

CO2 injection rate m3/day 100 Current study 

pH - 5.87 a [11,55] 

Diffusion coefficient of CO2 
in brine 

m2.s-1 2E-5 [17,35] 

a Modified from Soong et al. and Zhang et al.  [11,55]. 209 
 210 
2.3. Geochemical Considerations 211 
The initial mineralogy is based on the XRD data for a core sample from the upper Mt. Simon Sandstone 212 
[51].  The XRD data in Table 4 reveals that quartz and K-feldspar are the dominant minerals for the Mt. 213 
Simon sandstone grains. Other minerals initially present are siderite, dolomite, and calcite. The sandstone 214 
also contains plagioclase, represented by Na-endmember albite, and clay minerals, represented by kaolinite. 215 
Initially, halite is assumed to be absent in the reservoir; however, it can precipitate during the CO2 injection 216 
process. Secondary minerals that can precipitate due to the interaction of the CO2 with the primary minerals 217 
are not included in the study. The mineral composition can vary depending on the specific location and 218 
depth from which the sample was obtained. Researchers have reported differing mineral compositions for 219 
the upper Mt. Simon sandstone in their respective studies [51,54,56]. Even differences in sample 220 
preparation techniques can affect the results of mineral analysis and subsequently influence the reported 221 
mineral composition [57].  222 

Table 4. List of Initial Mineral volume fractions for Mt. Simon sandstone[57]. 223 

Mineral Chemical 
Composition 

Mineral mass 
fraction (%) 

Density 
(g/cc) 

Volume fraction  

Quartz 𝑆𝑆𝑆𝑆𝑂𝑂2 62 2.65 0.540 

Albite 𝑁𝑁𝑁𝑁(𝐴𝐴𝐴𝐴𝐴𝐴𝑖𝑖3𝑂𝑂8) 2 2.62 0.0176 

K-feldspar 𝐾𝐾𝐾𝐾𝐾𝐾𝐾𝐾𝑖𝑖3𝑂𝑂8 22 2.56 0.198 

Calcite 𝐶𝐶𝐶𝐶𝐶𝐶𝑂𝑂3 1 2.71 0.00852 

Dolomite 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶(𝐶𝐶𝑂𝑂3)2 3 2.84 0.0244 

Kaolinite 𝐴𝐴𝑙𝑙2𝑆𝑆𝑖𝑖2𝑂𝑂5(𝑂𝑂𝑂𝑂)4 3 2.65 0.0261 

Siderite 𝐹𝐹𝐹𝐹𝐶𝐶𝐶𝐶3 6 3.96 0.0350 
 224 

Table 5 shows the concentrations for some of the ions in the brine solution used in this study obtained from 225 
the work of Zhang et al. [11]  and Silva et al. [58]. Sodium (Na+) and chloride (Cl-) ions are the most 226 
dominant species in the brine, with an average reported concentration of 1.8 mols/kg of water and 9.034 227 
mols/kg of water, respectively. The salinity is determined based on the concentration of the Na+ ions. The 228 
concentration of H+ ions is modified to match the initial pH of the aquifer brine reported in the literature 229 
[11,55]. 230 
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Table 5. Brine chemistry used for the base case [11,58]  231 

Ion H+ Ca2+ Mg2+ K+ Na+ Cl- Al3+ Fe2+ 

Concentration 

(mol/kg of H2O) 

1.003x10-6 0.47 0.099 0.036 1.8 9.034  1e-5 0.0014 

 232 

Other significant ions include calcium (Ca2+) and magnesium (Mg2+). The concentrations of other ions, 233 
such as potassium (K+), aluminum (Al3+), iron (Fe2+), aqueous silica (SiO2), bicarbonate (𝐻𝐻𝐻𝐻𝑂𝑂3−), carbonate 234 
(CO3

2−), and hydroxide (OH−) are comparatively lower, suggesting a relatively lower abundance of these 235 
ions in the brine. It should be noted that there is a wide degree of uncertainty in the reported initial aquifer 236 
brine concentration, which requires sensitivity analysis, as shown later in this study [33,36,41,42]. 237 

Geochemical reactions occur between the minerals and aqueous components (heterogeneous 238 
reaction) and among the components within the aqueous phase (homogeneous reaction) (refer to Appendix 239 
A.2. for the equations used to define geochemical reactions in the simulator). Although other equilibrium 240 
reactions may be applicable, we only consider the following in our simulation.  241 

H2O = OH− + H+ (1) 
H2O +  CO2  =  HCO3

−  +  H+ (2) 
CO3

2−  +  H+  =  HCO3
− (3) 

Table 6 shows the reactions and kinetic parameters used in this study for mineral dissolution/precipitation 242 
(refer to Appendix A.3. for detailed information). Although different log-rate constants are reported in the 243 
literature depending on the underlying reaction mechanisms, we use values reported for the acid mechanism 244 
whenever available. There is also a wide variation in the reported reactive surface area, which will be 245 
analyzed extensively in Section 3.2.5.  246 

Table 6. Mineral dissolution/precipitation reactions and kinetic parameters. 247 

Reaction 

 

Log-rate 
constant, 
log𝑘𝑘𝑏𝑏 , [𝑚𝑚𝑚𝑚𝑚𝑚/
(𝑚𝑚2𝑠𝑠)] at 
250𝐶𝐶 

Reactive 
surface 
area, 
𝐴𝐴𝚥𝚥� , [𝑚𝑚2/
𝑚𝑚3] 

Activation 
energy, 𝐸𝐸𝑎𝑎𝑎𝑎 , 
[𝑗𝑗/𝑚𝑚𝑚𝑚𝑚𝑚] 

Ref. 

𝑄𝑄𝑄𝑄𝑄𝑄𝑄𝑄𝑄𝑄𝑄𝑄 (𝑆𝑆𝑆𝑆𝑂𝑂2) =  𝑆𝑆𝑆𝑆𝑂𝑂2(𝑎𝑎𝑎𝑎) -13.4 2,650 90,900 [59] 

K − feldspar (KAlSi3O8) + 4 𝐻𝐻+

=  3 𝑆𝑆𝑆𝑆𝑂𝑂2 + 𝐴𝐴𝑙𝑙3+ + 𝐾𝐾+ +  2 𝐻𝐻2𝑂𝑂 
-10.06 995,840 51,700 [21,

59] 

𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴 (𝑁𝑁𝑁𝑁𝑁𝑁𝑁𝑁𝑁𝑁𝑖𝑖3𝑂𝑂8) + 4 𝐻𝐻+

=  3 𝑆𝑆𝑆𝑆𝑂𝑂2 + 𝐴𝐴𝑙𝑙3+ +  𝑁𝑁𝑎𝑎+
+  2  𝐻𝐻2𝑂𝑂 

-10.16 1,021,800 16,600 [11] 

𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶 (𝐶𝐶𝐶𝐶𝐶𝐶𝑂𝑂3) +  𝐻𝐻+ =  𝐻𝐻𝐻𝐻𝑂𝑂3− + 𝐶𝐶𝑎𝑎2+ -0.3 2,710,000 14,400 [11,
59] 

𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷 (𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶(𝐶𝐶𝑂𝑂3)2) + 2 𝐻𝐻+

=  2 𝐻𝐻𝐻𝐻𝑂𝑂3−  +𝑀𝑀𝑔𝑔2+ + 𝐶𝐶𝑎𝑎2+ 
-3.19 284,000 56,700 [11,

59] 

𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆 (𝐹𝐹𝐹𝐹𝐹𝐹𝑂𝑂3)  + 𝐻𝐻+ = 𝐻𝐻𝐻𝐻𝑂𝑂3− + 𝐹𝐹𝑒𝑒2+ -10.097 3,880.8 56,000 [60] 
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𝐾𝐾𝐾𝐾𝐾𝐾𝐾𝐾𝐾𝐾𝐾𝐾𝐾𝐾𝐾𝐾 (𝐴𝐴𝑙𝑙2𝑆𝑆𝑖𝑖2𝑂𝑂5(𝑂𝑂𝑂𝑂)4) + 6 𝐻𝐻+

= 2 𝑆𝑆𝑆𝑆𝑂𝑂2 + 2 𝐴𝐴𝑙𝑙3+ + 5 𝐻𝐻2𝑂𝑂 
-11.31 1,014,950 65,900 [21,

59] 

𝐻𝐻𝐻𝐻𝐻𝐻𝐻𝐻𝐻𝐻𝐻𝐻 (𝑁𝑁𝑁𝑁𝑁𝑁𝑁𝑁) = 𝐶𝐶𝑙𝑙− + 𝑁𝑁𝑎𝑎+ -5.00 176 200 [47] 
 248 

Accounting for the effects of capillary pressure, relative permeability, and hysteresis modeling are crucial 249 
in reservoir simulation. The relative permeability curves for water and gas were generated using the Brooks-250 
Corey function [61] based on the experimental data for the Mt. Simon aquifer [53]. As the aquifer is water-251 
wet, the liquid phase relative permeability curves are assumed not to vary for drainage and imbibition 252 
processes [32,62]. However, the gas phase relative permeability varies depending on whether it displaces 253 
the liquid or is displaced by it. This hysteresis in relative permeability is modeled by Land’s approach [63]. 254 
The Brooks-Corey equation [61] is used to obtain the capillary pressure for drainage based on the 255 
experimental data by Krevor et al. [53]. Figure 3 shows the relative permeability with some of the scanning 256 
curves for Krg and the capillary pressure curve used in the base case model. The capillary pressure hysteresis 257 
was not considered here as prior studies have shown that it has negligible impact on CO2 trapping by 258 
different mechanisms but adversely affects the simulation time [9,32]. The relevant correlations and 259 
experimentally determined parameters for Mt. Simon sandstone [53] used for generating the curves in 260 
Figure 3 are presented in Appendix A.4. 261 

 262 

Figure 3. (a)  Relative permeability and scanning curve for drainage and imbibition and (b) Capillary 263 
pressure curve. 264 

3. Results  265 
3.1 Base Case 266 
This section evaluates the changes in CO2 flow and storage behavior of the reservoir in the base case model, 267 
described in Section 2. The base case simulates a 1000-year process with ten years of active injection 268 
followed by the monitoring phase and calculating the amount of CO2 stored by different trapping 269 
mechanisms. The impact of relative permeability hysteresis and capillary pressure are evaluated using 270 
additional simulations. Furthermore, grid-sensitivity is performed to validate the accuracy of the base case 271 
model using a model with more refined grid-blocks (Appendix B).  272 
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3.1.1 CO2 Storage by Different Mechanisms 273 
Figure 4 shows the fraction of CO2 stored by different trapping mechanisms for the base case simulation 274 
over the 1000 years. Initially, there is an instantaneous increase in the fraction of dissolved CO2 as the 275 
injected supercritical gas comes in direct contact with the aquifer brine. However, as the local equilibrium 276 
is established between the supercritical CO2 phase and the brine, the rate of CO2 dissolution cannot keep 277 
up with the injection rate, and the fraction of the supercritical phase increases rapidly. After 33 days, the 278 
fraction of the supercritical phase (~50.5%) exceeds the dissolved phase (~49.5%) and keeps on increasing 279 
till the end of the injection period (10 years). Moreover, after nine months of injection, when the CO2 280 
reaches the reservoir's upper layer, the upward path is already saturated with dissolved CO2. As a result, the 281 
fraction of mobile CO2 continues to increase steadily after the nine months of the CO2 injection. Figure 4c 282 
shows at the end of 10 years, 84.0% of the injected CO2 exists in the supercritical phase. Of the 84.0% 283 
ScCO2, 14.8% exists as a residually trapped and 69.2% in the mobile phase. The remaining CO2 is dissolved 284 
(15.4%) and mineralized (0.55%). After the injection stops, shown in Figure 4b, we observe a sharp 285 
inflection in the fraction of residually trapped ScCO2, which results in a significant drop in the fraction of 286 
mobile CO2 in the reservoir. This reduction in mobile CO2 is due to the relative permeability hysteresis and 287 
capillary forces, which will dominate when the injection stops. The brine displaced during the injection will 288 
push out the supercritical phase from the pore spaces, leaving behind a trail of disconnected ganglia of 289 
ScCO2, which will stay trapped within the pores.  290 

  

(a) (b) 
 

(c) 
ScC: Supercritical Condition 291 

Figure 4. Contribution of different CO2 trapping mechanisms: (a) 1000 years, (b) magnified view up to 100 292 
years, (c) magnified view up to 10 years. 293 
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Although the fraction of dissolved and the residually trapped phases are almost in parity (15.4% vs 294 
14.8%) after 10 years, the fraction of residually trapped CO2 increases rapidly for the next 12 years. After 295 
around 15 years from the start of the simulation, there is a maximum difference of 7.20% between the 296 
fraction of CO2 in the dissolved and the trapped phase. After this time, the increase in residual trapping 297 
slows down and reaches the maximum value of 33.5% after around 359 years of simulation. About 80 years 298 
after the beginning of the simulation, the fraction of CO2 sequestered by dissolution trapping becomes 299 
higher again than the residual trapping (30.3%). The fraction of mobile CO2 decreases rapidly throughout 300 
this period, contributing to all the other trapping mechanisms. The most significant increase is observed in 301 
dissolution trapping, which is highly enhanced by Rayleigh-Taylor instability of the dissolved CO2 at 302 
different continuous vertical reservoir layers. The CO2-rich dense brine at the top of the reservoir descends, 303 
and the buoyant bottom layer rises, continuously reducing the mobile phase CO2 close to the caprock and 304 
residually trapped CO2. We observe almost complete dissolution of the mobile CO2 (< 0.1% remaining) 305 
after 684 years, and the only supercritical phase in the aquifer is residually trapped. Figure 4c shows hardly 306 
any CO2 sequestered by mineralization for the first ten years of injection (0.55%). Among these mineralized 307 
components, calcite contributes the majority at 78.46%, whereas dolomite and siderite contribute 21.26% 308 
and 0.28%, respectively. This value (0.55% mineralization) does not account for the dissolution or 309 
precipitation of minerals that do not contribute to the sequestration of CO2 (such as halite and non-carbonate 310 
minerals). At the end of 1000 years, around 2.97% of total injected CO2 is sequestered in the form of solid 311 
precipitates, where most of them mineralized as calcite (78.33%), and the rest of them sequestrated as 312 
dolomite (21.36%) and siderite (0.31%).  313 

3.1.2 pH Evolution with Time  314 
Initially, the aquifer brine has a pH of 5.87, similar to the values reported in the literature [11,55]. After 315 
injection, the CO2 dissolves in the brine, forming a weak acid, which reduces the pH along the path of CO2 316 
flow. Figure 5b shows that after the injection period, the pH near the well bore rapidly drops from 5.87 to 317 
4.45, gradually reducing to 4.13 after 10 years of simulation. The pH change is only seen close to the 318 
wellbore for the injection layer, and no pH change is observed beyond 100 m (Figure 5b). However,  319 
Figure 5a  also shows that the pH change in the upper region of the reservoir extends to over 700 m as the 320 
injected CO2 rises to the top of the aquifer due to buoyancy. For later times, the pH of lower regions 321 
(towards the injection layer) also drops as the dissolved CO2 migrates towards the bottom of the aquifer. 322 
The porosity and permeability change due to CO2 interacting with reservoir rock and brine is limited to the 323 
regions with a pH change (see Fig. 12). 324 

 
 

(a) (b) 
Figure 5. pH distribution inside the reservoir after 10 years of CO2 injection, (b) changes in pH with respect 325 
to time for different distances from the wellbore at a depth of 1795 m (injection layer) after 10 years. 326 
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3.1.3 Effect of Relative Permeability Hysteresis and Capillary Trapping 327 
As CO2 is injected into a saline aquifer, the drainage relative permeability curves control the flow behavior 328 
in grid blocks where the ScCO2 (non-wetting phase) saturation increases. When the saturation of the ScCO2 329 
decreases due to its migration to other blocks or its displacement by the brine, imbibition relative 330 
permeability curves determine the saturation-dependent permeability [64]. This difference in relative 331 
permeability results in the higher critical gas saturation 332 
needed for the non-wetting fluid to flow out from the 333 
porous media, resulting in a trapped phase [32]. 334 
Similarly, capillary pressure (the difference between 335 
the pressure due to the non-wetting and wetting phase) 336 
results in a trapped non-wetting phase inside the pore 337 
spaces. Although the short-term impact of capillary 338 
pressure and relative permeability hysteresis is apparent 339 
for residual trapping mechanisms, its long-term impact 340 
on solubility trapping and mineral trapping is unclear. 341 
To investigate this impact, we run three additional cases 342 
(Table 7) and compare the results with the base case. 343 
For case 1, we exclude both the relative permeability 344 
hysteresis and the capillary pressure from the 345 
simulation. For cases 2 and 3, we exclude relative permeability hysteresis but include capillary pressure 346 
and vice versa to isolate their impact on different trapping mechanisms during the simulation period.  347 

 Figure 6 shows the evolution of the percentage of injected CO2 sequestered by different trapping 348 
mechanisms over 1000 years of simulation. For cases 1-3, including the base case, the reservoir does not 349 
reach the maximum bottom hole constraint imposed on the wells; hence, the total ScCO2 injected is the 350 
same for all cases. At the end of the first month (31 days), base case and case 2 show similar amounts of 351 
CO2 trapped by different mechanisms and CO2 in the mobile phase. As the mineralization reactions are 352 
kinetically unfavorable during earlier times, only a small proportion (~0.3%) of CO2 mineralization is 353 
observed for all the cases. We observe larger mineralization for case 3 for the first 60 days, after which the 354 
base case and case 2 will have a higher fraction of CO2 mineralized. After 1000 years of simulation, the 355 
maximum mineralization is in the following order: case 2 (3.36%), base case (2.97%), case 1 (1.38 %), and 356 
case 3 (1.60%). From this result, capillary pressure has the most significant impact on CO2 sequestration 357 
by mineralization. If capillary pressure is ignored (cases 1 and 3), the sequestration by mineralization is 358 
significantly lower compared to cases where capillary pressure is considered. The inclusion of capillary 359 
pressure in the base case and case 2 results in higher mineralization as a significant fraction of the ScCO2 360 
becomes occluded in pores due to capillary pressure rather than being displaced as a continuous plume. 361 
These occluded ScCO2 are dispersed in numerous pores, increasing the contact area and concentration 362 
gradient between different species in the various phases, leading to higher mineralization than in cases with 363 
no capillary forces[65].  364 

Similar results are observed for dissolution trapping, where the inclusion of capillary pressure 365 
significantly improves CO2 dissolution after various periods. After ten years (injection period), where 366 
capillary pressure is active for the base case and case 2, around 15.5% of the injected CO2 dissolves 367 
compared to around 11.15% for cases 1 and 3. This trend continues during the monitoring phase, where the 368 
fraction of injected CO2 in the dissolved phase is significantly higher in the base case and case 2. Moreover, 369 
the mobile CO2, which can leak from primary or induced fractures, is significantly lower in the base case 370 
as a significant fraction of CO2 is trapped due to the residual trapping. For example, as shown in Figure 6, 371 
after 500 years, the base case has a significantly lower fraction of the mobile CO2 (2.51%) than case 2 372 
(15.99%), where capillary pressure is present but not the relative permeability hysteresis. However, mobile 373 
CO2 for cases 1 (62.8%) and 3 (55.91%) are much higher simultaneously. This trend is also seen for other 374 
intermediate periods. After 1000 years of simulation, the base case and case 2 exhibit the most effective 375 

Table 7. Summary of the simulation runs for 
relative permeability and capillary pressure 

Case Hysteresis (𝐾𝐾𝑟𝑟) Capillary (𝑃𝑃𝑐𝑐) 

Base Yes Yes 

1 No  No 

2 No  Yes 

3 Yes  No 
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These findings emphasize the significance of capillary pressure and relative permeability hysteresis when 394 
predicting the fate of injected CO2. The capillary pressure and relative permeability hysteresis promote the 395 
sequestration of the injected CO2 using mechanisms that limit mobility and prevent potential leakage 396 
through undetected or reactivated fractures. 397 

3.1.4 Mineralization Behavior and Impact on Flow Properties 398 
 399 

Although the fraction of CO2 trapped by mineralization is relatively small compared to other 400 
mechanisms (Figure 4), precipitation and dissolution reactions may still significantly impact the reservoir's 401 
flow properties.  Furthermore, the CO2 sequestered by mineralization (Figure 4) only considers carbonates 402 
(calcite, dolomite, and siderite) and does not include other non-carbonate minerals. Although the dissolution 403 
and precipitation of other non-carbonate minerals do not contribute to CO2 mineralization, they will still 404 
alter the reservoir flow properties. Figure 8a shows the precipitation and dissolution behavior of all the 405 
minerals simulated in the base case after 1000 years. Calcite and dolomite are the two minerals that 406 
contribute to the formation of carbonate precipitates. Siderite shows negligible precipitation during the 407 
simulation period. Other minerals that do not contribute to CO2 mineralization, such as halite, quartz, and 408 
kaolinite, precipitate or dissolve during the simulation period. Although the long-term behavior shows 409 
stable precipitation or dissolution, a close inspection reveals a complex behavior for the considered 410 
minerals. The injection of CO2 into the formation leads to its dissolution and subsequent reaction with the 411 
formation fluid, resulting in the production of 𝐻𝐻+ , carbonate (𝐶𝐶𝑂𝑂32−), and bicarbonate ions (𝐻𝐻𝐻𝐻𝑂𝑂3−) ions. 412 
These fast aqueous reactions (Eq. 1-3) decrease the pH locally from 5.87 to 4.2. This acidic environment 413 
facilitates reactions with ions such as 𝐶𝐶𝑎𝑎+, 𝑀𝑀𝑔𝑔2+, and 𝐹𝐹𝑒𝑒+ and minerals in the rock matrix, resulting in 414 
carbonate minerals' dissolution and precipitation. Calcite, dolomite, and siderite are observed to start to 415 
precipitate from the beginning, as shown in Figure 8b. However, the precipitation reaction of calcite is 416 
significantly faster than dolomite or siderite. After calcite, halite shows the most rapid precipitation during 417 
the first year of injection. We also observe that the feldspar group (albite and k-feldspar) starts to dissolve 418 
in the initial simulation period, which slows down as the simulation progresses, as presented in Figure 8b. 419 
After 1000 years, kaolinite is the only mineral that dissolves with other minerals precipitating due to their 420 
reactions with the injected CO2 and brine. The 𝐻𝐻+ ions from the precipitation of reactions result in the 421 
dissolution of kaolinite. The aqueous silica obtained from kaolinite dissolution helps precipitate the feldspar 422 
minerals and quartz. 423 

  

(a) (b) 
Figure 8. (a) Mineral concentration change (gmol) for the base case simulation for 1000 years (b) Same as 424 
a but for only year one. 425 

Next, we evaluate the change in porosity and permeability due to the reactive dissolution of 426 
minerals and precipitation of injected CO2. A grid block in the perforated region is selected, and the porosity 427 
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Figure 10. Water saturation around the injection zone for a) the capillary pressure and relative permeability 453 
hysteresis are considered and b) only relative permeability hysteresis is considered. The highlighted grid 454 
block (black) shows the water saturation value for each after 10 years of simulation. 455 

Although there is high precipitation around the wellbore, throughout the other reservoir regions, we 456 
observe that the porosity and permeability increase over the simulation period.  The porosity of the top 457 
layer, which is assumed to be a caprock, was analyzed by selecting several grid blocks at varying 458 
distances for the entire simulation period. 459 

 460 

Figure 11 shows that for all the distances analyzed, although the porosity increases to a maximum value at 461 
10 years, it slowly declines throughout the simulation period for all the grid blocks. Furthermore, as seen 462 
in Fig. 12, we observed an increase in the porosity all over the reservoir, except near the injection point, 463 

 

 

Figure 11. The change in porosity of the topmost layer 
over the period of 1000 years. 
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case CO2 injected volume is maintained for 
all the runs. 

*, and 200 m3/day for 5 
years. 

Permeability An uncertain parameter that determines the 
flow capacity of a reservoir. The range 
reported for Mt. Simon sandstone reservoir 
is ~10-884 mD. 

7.5 mD, 200 mD * and 
900 mD 

7, Base, and 8. 

Porosity An uncertain parameter that determines the 
storage capacity of an aquifer. The range 
reported for Mt. Simon sandstone reservoir 
is ~10-25 %. 

8%, 15%*, and 25%. 9, Base, and 10 

Salt 
concentrations 

An uncertain parameter that determines the 
rock-brine-CO2 interactions and affects the 
mineralization. Range reported for 
different formations used. 

Changed individual salt 
concentration from low 
to high. 

Base, 11-20 

Reactive 
surface area 

An uncertain parameter that determines the 
rock-brine-CO2 interactions and affects the 
mineralization. This study analyzed the 
range reported in different literature.  

Changed individual 
mineral reactive surface 
area from low to high. 

Base, 21-41 

* Denotes the values for the base case model. 488 

 3.2.1 Effects of Injection Rate 489 
The injection rate is one of the most important decision parameters during a CO2 sequestration project. 490 
Although high injection rates allow for rapid storage, it can also lead to high reservoir pressure buildup, 491 
which may negatively affect the storage security of the injected gas. We compare the base case model with 492 
cases 5 and 6 by injecting an equal volume of CO2 at different injection rates and periods. Cases 5 and 6 493 
use the injection rate of 50 m3/day for 20 years and 200 m3/day for CO2 for 5 years, respectively.  494 

CO2 trapping in different mechanisms for cases 5, 6, and the base are compared in Figure 13, which 495 
shows that the faster injection rate (case 6) leads to higher dissolution, mineralization, and residual trapping 496 
over 100 years compared to the cases with lower injection rate (case 5 and base case). For the case with a 497 
higher injection rate, a larger volume of CO2 encounters the in-situ brine, resulting in a larger cumulative 498 
concentration gradient. This process leads to enhanced dissolution and mineralization trapping. For higher 499 
injection cases, the relative permeability hysteresis and capillary pressure also become dominant sooner as 500 
the injection lasts for shorter periods. This early onset of relative permeability hysteresis and capillary 501 
pressure leads to higher residual trapping for higher injection cases in Figure 13c. Spiteri and Juanes [71] 502 
also reported a similar result in their study.  503 
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(a) (b) 

    

(c) (d) 
Figure 13. Effect of injection rate in CO2 trapping by dissolution, mineralization, residual, and mobile CO2 504 
(a), (b), (c), and (d) after 100 years of simulation. 505 

However, over the 1000 years, case 5 (lower injection rate) shows a slightly higher CO2 dissolution and 506 
mineralization compared to case 6 and base case in Figure 14. The primary reason behind this dominance 507 
can be attributed to enhanced convective mixing due to the Rayleigh Taylor instability in the lower injection 508 
case. During the initial injection period, a significant volume of CO2 moves to the top of the aquifer instead 509 
of being residually trapped or dissolved in the lower zones for a low injection case. As the top layer 510 
dissolves in brine, it becomes heavier than the subsequent layer below. This density gradient across each 511 
layer results in convective mixing, significantly enhancing the dissolution of CO2 [7]. The topmost layer 512 
for the low injection case shows higher gas saturation compared to the other cases which is highlighted by 513 
Fig. 26 (Appendix C.1), which shows the gas saturation plot for all three cases.  Prior studies have also 514 
shown that convective mixing is slow initially but can significantly enhance the dissolution when the cyclic 515 
process fully develops [5,7,72]. 516 
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(a) (b) 

    

(c) (d) 
Figure 14. Effect of injection rate in CO2 trapping by dissolution, mineralization, residual, and mobile CO2 517 
(a), (b), (c), and (d) after 1000 years of simulation. 518 

 Although the slower injection rate case results in the highest percentage of CO2 dissolved 519 
throughout the simulation compared to the others, it may not be suitable for the sequestration project for 520 
two reasons. The first reason is the high gas saturation persists close to the caprock for the case with a low 521 
injection rate (Appendix C.1, Fig. 26a). This increases the risk of CO2 leakage to the atmosphere in the 522 
case of fracture reactivation due to the interaction with CO2. The second reason is slow injection reduces 523 
the NPV of the project, which makes it economically unattractive compared to a higher injection case [73]. 524 
A faster injection rate will lead to faster accumulation of carbon credits and other incentives with potentially 525 
lower operating costs [40].  526 

3.2.2 Effects of Permeability 527 
Permeability is one of the most important flow properties determining fluid transport in porous media. It is 528 
also one of the most uncertain parameters, varying significantly depending on the reservoir region. For 529 
example, the permeability of the Mt. Simon aquifer varies between 7.5 mD and 884 mD depending on the 530 
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zone in the aquifer [51]. In addition to the base case model with a permeability of 200 mD, we evaluated 531 
two other permeability cases of 7.5 mD to 900 mD to cover a wide range of possible values for permeability. 532 

Overall, it is observed that higher permeability leads to increased dissolution and mineralization of 533 
injected CO2, which is supported by the reduction in the residually trapped and mobile CO2 (Fig. 15a-d). In 534 
the base case model, less than 1% mobile CO2 remains after ~600 years of simulation CO2 (Fig. 15d). In 535 
the higher permeability scenario, CO2 migrates more rapidly toward the upper layer in a shorter time frame 536 
and spreads laterally beneath the caprock layer. This extensive migration exposes the CO2 to a larger 537 
volume of fresh formation fluid, resulting in enhanced dissolution and mineralization processes. 538 

   

(a) (b) 

   

(c) (d) 
Figure 15. Effect of permeability in CO2 trapping by (a) dissolution, (b) mineralization, (c) residual, and 539 
(d) mobile CO2 after 1000 years of simulation. 540 

However, during the early sequestration period, the fraction of CO2 sequestered by different processes 541 
fluctuated significantly. Although the higher permeability case (case 7) dominates CO2 dissolution and 542 
mineralization throughout the simulation, we observe a higher fraction of residual trapping in the low 543 
permeability case compared to the other cases after around 15 years of injection (Fig. 16c).  544 

0
10
20
30
40
50
60
70
80
90

100

0 200 400 600 800 1000

C
O

2
D

is
so

lve
d 

(%
)

Time (Years)

Base Case
Case 7 (High)
Case 8 (Low)

0

0.5

1

1.5

2

2.5

3

3.5

4

0 200 400 600 800 1000

C
O

2
M

in
er

al
iz

at
io

n 
(%

)

Time (Years)

Base Case
Case 7 (High)
Case 8 (Low)

0

10

20

30

40

50

60

70

80

0 200 400 600 800 1000

C
O

2
R

es
id

ua
l T

ra
pi

ng
 (%

)

Time (Years)

Base Case
Case 7 (High)
Case 8 (Low)

0

10

20

30

40

50

60

70

80

0 200 400 600 800 1000

M
ob

ile
 C

O
2 

 (%
)

Time (Years)

Base Case
Case 7 (High)
Case 8 (Low)



A. Khanal, M. Irfan Khan, M. Fahim Shahriar, Comprehensive Parametric Study of CO2 Sequestration in 
Deep Saline Aquifers, Chem. Eng. Sci. (2024) 119734. https://doi.org/10.1016/j.ces.2024.119734. 

23 
 

   

(a) (b) 

   

(c) (d) 
Figure 16. Effect of permeability in CO2 trapping by dissolution, mineralization, residual, and mobile CO2 545 
(a), (b), (c), and (d) after 50 years of simulation. 546 

The initial increase in residual trapping for case 8 (low permeability) can be attributed to the horizontal 547 
migration of CO2 instead of vertical migration in the reservoir. This result is evident from the gas saturation 548 
plot in (Appendix C.1, Fig. 27a-c). For the low permeability case, shown in (Appendix C.1, Fig. 27c), the 549 
gas saturation in the lateral direction is much higher than in high permeability cases. The lower permeability 550 
case also has a significant decrease in mobile CO2 after 50 years of simulation, as shown in Fig. 16d, which 551 
results in a significantly lower fraction of CO2 reaching the top of the aquifer, as observed in Fig. 27c 552 
(Appendix C.1).  553 

We also observe that the halite precipitation is significantly higher in high permeability compared 554 
to low permeability (Appendix C.2, Fig. 29a-c). The injected CO2 increases the water vaporization for the 555 
high permeability reservoir, resulting in additional halite precipitation. This halite precipitation is most 556 
prominent near the injection well in all cases (base case, 7 and 8). Furthermore, as the permeability increases 557 
and more CO2 migrates toward the upper layer of the reservoir below the caprock, more halite is observed 558 
to be precipitated below the caprock for the high permeability case (case 7). Halite precipitation is high at 559 
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the leading edge of the CO2 plume as the precipitated halite does not dissolve due to imbibition, as it does 560 
for prior grid blocks. 561 

The results here show that the fraction of CO2 sequestration by different mechanisms depends on 562 
the permeability of the reservoir. In low permeability zones, higher residual trapping is observed due to 563 
smaller pore spaces. However, high permeability zones promote enhanced dissolution and mineralization. 564 
Notably, the fraction of mobile CO2 in the high permeability case is significantly lower than in the low 565 
permeability case after 1000 years, which is preferable for safe long-term storage of CO2.  566 

3.2.3 Effects of Porosity 567 
The porosity of a reservoir is one of the most important parameters that determines its storage capacity. As 568 
the porosity of a reservoir can vary significantly, this is an important question that needs further evaluation. 569 
To investigate this, we conducted simulations by changing porosity and comparing the base case model 570 
(15% porosity) with two additional cases: one with lower porosity (8%) (case 9) and another with higher 571 
porosity (25%) (case 10). These values account for the porosity distribution in Mt. Simon sandstone, which 572 
falls within the range of approximately 10-25% [51]. The reservoir with smaller porosity reaches the 573 
maximum bottom-hole constraint before 10 years.  Hence, to compare the results for the same cumulative 574 
injection, we run the simulations (including the base case) with 4 years of active injection, followed by 996 575 
years of monitoring phase. 576 
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(c) (d) 
Figure 17. Effect of porosity in CO2 trapping by dissolution, mineralization, residual, and mobile CO2 (a), 577 
(b), (c), and (d) after 1000 years. 578 

Fig. 17a-d shows the effect of reservoir porosity on different trapping mechanisms. The low 579 
porosity case shows the highest fraction of CO2 sequestered by dissolution and mineralization. However, 580 
the residual trapping is significantly lower in low-porosity cases. This difference can be attributed to the 581 
different pressure buildup in each reservoir. For the same cumulative gas injection, pressure in the low 582 
porosity case increases significantly more than in the high. As pressure-dependent Henry’s constant 583 
controls the gas dissolution, the dissolution also increases. The mineralization rate also accelerates due to 584 
the reservoir's higher amount of aqueous CO2. The increased fraction of dissolved and mineralized volume 585 
of CO2 results in a lower amount of ScCO2. Although the mobile phase ScCO2 completely disappears in all 586 
the cases, Fig. 17d shows that it takes slightly longer (280 vs. 343 years) for the low porosity case. The 587 
bulk of the additional dissolved and mineralized CO2 is derived from the residual phase, which is 588 
significantly lower in the low porosity case.  589 

 Next, we evaluate the halite precipitation and dissolution behavior as it can directly lead to further 590 
changes in porosity. The low porosity case has the maximum halite precipitation after 1000 years of 591 
simulation Figure 16. This result matches what was observed in Fig. 17b, where maximum mineralization 592 
was observed for the low porosity case. The reason for higher halite precipitation is a lower initial brine 593 
volume, which makes it easier to achieve the maximum salt concentration required for halite precipitation 594 
due to water vaporization.  595 

Fig. 28a-c (Appendix C.1) shows that more CO2 migrates towards the upper layer after 50 years of 596 
simulation in the low-porosity reservoir (case 9). This phenomenon is attributed to the conditions in case 9, 597 
where the limited pore spaces lead to a decrease in residual trapping of CO2 and an increase in the 598 
concentration of mobile CO2. Although a larger amount of halite precipitates for the higher porosity case 599 
close to the wellbore (Appendix C.2, Fig. 29), a higher amount of halite precipitates throughout the 600 
reservoir, which is evident from Fig. 29 (Appendix C.2). 601 
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 602 

Figure 16. Halite concentration change (gmol) for different porosity reservoirs. 603 

 604 

3.2.4 Effects of Initial Salt Concentration 605 
Different formations have varying molality of salts, which can significantly impact the 606 

effectiveness of CO2 sequestration in different storage sites. The initial molality of salts can affect the 607 
reservoir properties, the behavior of injected CO2, and the overall storage capacity. To understand the 608 
impact of initial salt concentration on carbon storage by various mechanisms and the reservoir properties, 609 
we varied four major cations within a high and low range of concentrations reported for aquifers in different 610 
world regions [58]. In each case, an equal amount of CO2 is injected over the same period, and the results 611 
are compared to the base case model. Table 9 shows the initial salt concentration of  𝑁𝑁𝑎𝑎+,𝐶𝐶𝑎𝑎++,𝐾𝐾+,𝑀𝑀𝑔𝑔++ 612 
from low to high used in this study. 613 

Table 9. Initial salt Concentration for sensitivity analysis 614 

Salt Low (mol/L) Base (mol/L) High (mol/L) 
Sodium, (𝑁𝑁𝑎𝑎+) 1.087 1.8 3.045 
Calcium, (𝐶𝐶𝑎𝑎++) 0.161 0.47 0.938 
Potassium, (𝐾𝐾+) 0.031 0.036 0.639 
Magnesium, (𝑀𝑀𝑔𝑔++) 0.034 0.099 1.029 

 615 

Figure 17a shows that the higher initial concentration of sodium (𝑁𝑁𝑎𝑎+) ions lead to a significant 616 
reduction in the dissolved phase of CO2, which was also observed in our prior studies [7]. However, the 617 
mineralization is slightly enhanced for the case with a higher concentration of 𝑁𝑁𝑎𝑎+ ions. Although the 618 
presence of high 𝑁𝑁𝑎𝑎+ ions lead to higher residual trapping of the injected CO2, shown in Figure 17c; we 619 
observe that the mobile phase persists in the aquifer for a longer period of time (Figure 17d). For 𝑀𝑀𝑔𝑔++ 620 
and 𝐾𝐾+ ion, the percentage of dissolution trapping reduces by less than ~2.5% with the increase in 621 
concentration of these salts. Furthermore, the increase in concentration of 𝐶𝐶𝑎𝑎++ ions lead to a decrease in 622 
the percentage of dissolution trapping by ~4.5%. However, more residual and mineralized trapping of CO2 623 
is observed for high initial concentrations of 𝐶𝐶𝑎𝑎++ and 𝑀𝑀𝑔𝑔++.  These results are presented in Fig. 30 624 
(Appendix C.3). 625 
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(a) (b) 

  

(c) (d) 
Figure 17. Effect of initial concentration of sodium (𝑵𝑵𝒂𝒂+) in CO2 trapping by dissolution, mineralization, 626 
residual, and mobile CO2 (a), (b), (c), and (d) after 1000 years. 627 

Although altering the initial concentration of 𝐶𝐶𝑎𝑎++ and 𝑀𝑀𝑔𝑔++ ion slightly impact the percentage 628 
of dissolution trapping; results from the simulation showed that the concentration of 𝐶𝐶𝑎𝑎++ and 𝑀𝑀𝑔𝑔++ ions 629 
in the reservoir significantly influenced CO2 mineralization due to the precipitation of calcite and dolomite 630 
(Appendix C.3, Fig. 31). While both dolomite and calcite require 𝐶𝐶𝑎𝑎++ ions for precipitation, dolomite 631 
has an additional requirement for 𝑀𝑀𝑔𝑔++ ions alongside 𝐶𝐶𝑎𝑎++. So, the abundance of 𝐶𝐶𝑎𝑎++ ion leads to 632 
preferential precipitation of calcite, as shown in Figure 18a. In addition, it is observed that the precipitation 633 
rate of dolomite increases with the increase of 𝑀𝑀𝑔𝑔++ concentration (Figure 18b). However, Figure 18b 634 
also shows that calcite dissolves under conditions where there is a higher concentration of 𝑀𝑀𝑔𝑔++ ions. 635 
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(a) (b) 
Figure 18. Effects of initial concentration of (a) 𝑪𝑪𝑪𝑪++ and (b) 𝑴𝑴𝒈𝒈++ ion on calcite and dolomite 636 
precipitation. 637 

Figure 19 shows that the higher initial sodium (𝑁𝑁𝑎𝑎+) concentration leads to more halite 638 
precipitation throughout the reservoir. We also see that because of halite precipitation near the injection 639 
well, the porosity decreases, resulting in the highest decrease in porosity for a high initial concentration of 640 
𝑁𝑁𝑎𝑎+, however, the rest of the reservoir experiences a slight increase in porosity. The rate of kaolinite 641 
dissolution, the only mineral that dissolved in our simulation, is high in the case with a high initial 642 
concentration of 𝑁𝑁𝑎𝑎+.  643 

 644 
*Salt concentration values in the y-axis follow the format of “Salt Type (Lowest Concentration, Base Case Concentration, Highest 645 
Concentration)”   646 

Figure 19. Percentage of change in halite precipitation with change in initial salt concentration for 1000 647 
years of simulation. 648 
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Kaolinite dissolution releases 𝐴𝐴𝑙𝑙3+ and 𝑆𝑆𝑆𝑆𝑂𝑂2, which then interact with the abundant 𝑁𝑁𝑎𝑎+ and 𝑆𝑆𝑆𝑆𝑂𝑂2 649 
present in the solution, leading to the formation of albite. As the activation energy for albite precipitation 650 
is less than that of quartz, a greater amount of 𝑆𝑆𝑆𝑆𝑂𝑂2 is utilized for albite precipitation; as a result, less amount 651 
of quartz precipitation is observed in the case with a high initial concentration of 𝑁𝑁𝑎𝑎+. The reduced quartz 652 
and enhanced kaolinite precipitation increases porosity across the reservoir, except in the injection area. It 653 
is observed that with an increase in initial. 𝐾𝐾+ ion, precipitation of halite increases, as shown in Figure 19. 654 
An opposite trend is observed for the initial concentration of Mg++ and 𝐶𝐶a++ ions, with an increase of 655 
these ions, the precipitation of halite decreases.  656 

3.2.5 Effects of Reactive Surface Area 657 
Reactive surface area (RSA) represents the 658 

average available surface area for the mineral 659 
reaction within the porous media. RSA is a dynamic 660 
property of minerals that changes over time and is 661 
highly influenced by the distribution of 662 
heterogeneity, diverse shapes, and intricate contact 663 
interfaces of the minerals [45]. RSA is a crucial 664 
input parameter in reactive transport modeling as it 665 
directly impacts the magnitude of mineral trapping 666 
in long-term CO2 storage [43]. RSA values are 667 
typically calculated using specific surface area 668 
(SSA). In this study, the maximum and minimum 669 
values of individual minerals’ RSA are calculated 670 
using the SSA values reported in the literature. 671 
Table 10 lists the ranges of RSA of minerals used 672 
in this study. In total, 21 extra case simulation cases 673 
were conducted to explain the effects of RSA.  674 

Results from our simulations show that 675 
CO2 mineralization is significantly affected by the 676 
RSA of quartz and moderately by the RSA of 677 
albite. When the reactive surface area of quartz is 678 
increased by approximately 393%, from 32,197 to 679 
158,841 m²/m³, a substantial increase in CO2 680 
mineralization of around 161% is observed, as 681 
shown in Figure 22. These findings are also 682 
reported in prior studies by Bolourinejad et al. [74], 683 
where the surface area of quartz was found to have 684 
the largest effect on the amount of mineralized 685 
CO2. Other than quartz, the increase of RSA of 686 
albite also slightly impacts its precipitation 687 
behavior. Increasing the RSA of albite by ~310% 688 
leads to a modest 13% increase in CO2 689 
mineralization. Apart from quartz and albite, 690 
minimal change in precipitation and dissolution 691 
behavior is observed in response to the variations 692 
of the RSA of other minerals.  Similar results were 693 
obtained in prior studies [74,75], where only the RSA of quartz and feldspar groups showed any impact on 694 
precipitation and dissolution of the respective minerals.   695 

 
Figure 20. Effect of RSA of quartz and albite on CO2 
mineralization 

 

Table 10. Range of RSA for the minerals used in 
this study. 

Mineral RSA range (m2/m3) Reference 

Quartz 32,197 – 158,841 [10] 

Albite 1846 - 7570 [10] 

Calcite 320 – 37,852 [91] 

Dolomite 146,799 – 193,885 [92–94] 

Kaolinite 219,505 – 914,027 [10] 

K-feldspar 81,223 – 240,625 [10] 

Siderite 369,744 – 707,2234 [91] 
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(a) (b) 
Figure 21. Effect of the reactive surface area of (a) albite and (b) quartz on halite precipitation. 696 

Quartz and albite have a substantial impact on the precipitation of halite and the porosity of the 697 
reservoir presented in Figure 21. Higher precipitation of quartz decreases the concentration of 𝑆𝑆𝑆𝑆𝑂𝑂2 in the 698 
brine; thus, more albite dissolution occurs for equilibrium. Dissolution of albite releases 𝑁𝑁𝑁𝑁+ which 699 
eventually facilitates halite precipitation. On the other hand, when the reactive surface area (RSA) of albite 700 
is enhanced, there is a rise in albite precipitation through the consumption of 𝑁𝑁𝑁𝑁+, 𝑆𝑆𝑆𝑆𝑂𝑂2 and 𝐴𝐴𝐴𝐴3+ ions. This 701 
leads to a decrease in the concentration of 𝑁𝑁𝑁𝑁+ ions in the brine, consequently lowering halite precipitation. 702 

4. Discussion 703 
Although there has been significant research on CO2 subsurface storage, some focus areas require further 704 
investigation. In this context, this study provides a structured, comprehensive overview of CO2 trapping in 705 
saline aquifers, addressing the effect of different operating and geophysical parameters on CO2 trapping 706 
behavior. Furthermore, the mineral dissolution/precipitation behavior and its effect on the reservoir 707 
properties are discussed. This section discusses the key findings of this study. 708 

4.1. Implications of 𝑷𝑷𝒄𝒄 and 𝑲𝑲𝒓𝒓 on CO2 storage and reservoir flow properties 709 
Based on the base case simulation results, although CO2 is trapped as a mobile phase in the initial 710 
sequestration stage, residual and dissolution trapping becomes dominant in the later stages. After 684 years, 711 
almost all the mobile CO2 is dissolved, which is desirable since CO2 trapped underneath caprocks has the 712 
highest potential to leak through undetected or reactivated fractures. Furthermore, dissolution trapping is 713 
the primary trapping mechanism since almost half of the injected CO2 is stored via dissolution trapping in 714 
just 300 years, and at the end of 1000 years, around 80% of the injected CO2 is sequestered (Figure 4). The 715 
second most dominant trapping mechanism is residual trapping, sequestrating around 27% of injected CO2 716 
at the end of 1000 years. Although, at the end of 1000 years, a negligible fraction of total injected CO2 717 
(2.97%) is sequestered in the forms of solid precipitates, dissolution/precipitation of carbonates and other 718 
minerals changes the flow properties of the reservoir. The capillary pressure is the most significant trapping 719 
mechanism for CO2 storage security as it promotes both residual trapping and dissolution trapping (Figure 720 
6). When capillary pressure is included, higher mineralization and dissolution compared to the cases 721 
without capillary pressure (Figure 6). The capillary pressure creates disconnected ganglia of CO2 722 
throughout the reservoir which increases the concentration gradient required for both dissolution trapping 723 
and mineralization trapping. The most significant implication of capillary pressure is the immobilization of 724 
the injected CO2, without which close to 50 % of the injected CO2 remains in the mobile phase (Figure 6).  725 

Calcite and dolomite are identified as the two major minerals contributing to the formation of 726 
carbonate precipitates. After 1000 years, kaolinite was the only mineral that dissolved, while the other 727 
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minerals precipitated due to their interaction with the injected CO2 and brine. Furthermore, the impact of 728 
halite precipitation is only significantly close to the wellbore. This is due to water vaporization, which leads 729 
to salting out due to the high concentration of NaCl in brine. The halite precipitation can significantly reduce 730 
the permeability (as high as 34%, Figure 9.). This reduction in the near wellbore permeability can affect 731 
the injectivity of the reservoir. However, although the porosity/permeability was reduced around the 732 
wellbore, we observed an increase in the porosity/permeability throughout the other reservoir regions 733 
[68,69].  734 

4.2. Effect of Varying Decision and Uncertain Parameters 735 
Aside from the base case simulation, we observe that various decisions and uncertain parameters critically 736 
impact CO2 storage by different mechanisms. The key findings of the sensitivity studies are summarized 737 
and tabulated in Table 11. 738 

Table 11. Major observations on the effect of operational and geophysical parameters in CO2 storage 739 
behavior 740 

Key Parameters Major observation 

Injection rate • A low injection rate increases the percentage of CO2 dissolved in the 
reservoir.  

• A moderate injection rate will lead to a faster accumulation of carbon 
credits and reduce the halite precipitation near the injection well. 

Permeability • Reservoirs with high permeability will increase CO2 dissolution and 
mineralization. 

• High permeability reduces the fraction of mobile CO2, which is 
preferable for long-term storage.  

Porosity • Reservoir with higher porosity will increase the residual trapping of 
CO2 

•  Mobile phase ScCO2 will disappear faster in the reservoirs with high 
porosity.  

Initial salt concentration • 𝐶𝐶𝑎𝑎++ and 𝑀𝑀𝑔𝑔++ has a significant effect on CO2 mineralization, 
reservoirs with higher initial concentrations of these ions will 
precipitate more calcite and dolomite.  

• 𝑁𝑁𝑎𝑎+ significantly impact halite precipitation, higher initial 
concentration of 𝑁𝑁𝑎𝑎+ will lead to high halite precipitation. 

Reactive surface area 
(RSA) 

• Compared to other minerals, the RSA of quartz significantly affects the 
CO2 mineralization, whereas the RSA of albite has a moderate impact.   

 741 

The highest injection rate leads to the least fraction of mobile CO2 in a reservoir. This is mainly because 742 
relative permeability hysteresis and capillary pressure are also in effect sooner at a high injection rate. 743 
Although not the scope of this study, the geomechanical aspects of high injection rates must be accounted 744 
for since high injection rates can lead to high reservoir pressure buildup, which might compromise the 745 
storage integrity of the saline aquifer. As shown in Table 11, CO2 injection in highly permeability saline 746 
aquifers is preferable, as higher permeability promotes enhanced dissolution and mineralization. This is 747 
because the injected CO2 encounters a higher volume of fresh brine, maintaining the high concentration 748 
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gradient required for dissolution and mineralization. For the same reason, a reservoir with high porosity is 749 
preferred as the injected CO2 can quickly react with a large volume of brine, leading to a comparatively 750 
lower fraction of the mobile phase. 751 

The salt type and concentration in saline aquifer fluids also influence the CO2 trapping behavior. 752 
The results suggest the concentration of 𝐶𝐶𝑎𝑎++ and 𝑀𝑀𝑔𝑔++ ions in the reservoir significantly influenced CO2 753 
mineralization due to the precipitation of calcite and dolomite, whereas a higher 𝑁𝑁𝑎𝑎+ and initial 754 
𝐾𝐾+ concentration leads to more halite precipitation throughout the reservoir. Furthermore, as observed from 755 
the reactive surface area study, the RSA of quartz significantly controls the CO2 mineralization rate. Other 756 
than quartz, the RSA of albite also moderately controls the mineralization rate. The RSA of other minerals 757 
did not significantly change the mineralization rate, which was also observed in other studies [74]. 758 

4.3. Limitations and Future Work  759 
This study offers a comprehensive insight into the critical aspects of CO2 subsurface storage, taking into 760 
account the effects mineral precipitation and dissolution reactions, and changes in the porosity and 761 
permeability of the system for 1000 years. One of the limitations of this study is the lack of distinction 762 
between the reservoir and caprock mineralogical profile. Including such distinction can provide critical 763 
insights that will help understand the potential of CO2 leakage due to its interaction with the caprock. 764 
Although not a scope of this study, future work will also consider sensitivity studies involving capillary 765 
pressure and relative permeability curves. As there are many uncertainties from formation to formation, 766 
such studies would provide valuable insight to understand the flow behavior of CO2 in subsurface 767 
formations. Furthermore, this study assumes no impurities in primary minerals, and the impact of secondary 768 
minerals and capillary pressure hysteresis is considered negligible. Finally, a mineralization study 769 
encompassing a wide range of primary and secondary minerals focusing on reaction rate constants can 770 
provide further insight into the geochemical aspects of CO2 storage. 771 

5. Conclusions 772 
This study provides a structured, comprehensive overview of the various aspects of CO2 sequestration in 773 
deep saline aquifers, addressing the effect of different operating and geophysical parameters. Specific focus 774 
is placed on understanding the impacts of capillary pressure and relative permeability hysteresis on 775 
dissolution and mineralization trapping. Furthermore, the mineral dissolution/precipitation behavior and its 776 
effect on the reservoir properties are discussed. The key findings are summarized as follows. 777 

• Capillary plays a critical role in sequestering CO2 injected into deep saline aquifers by enhancing both 778 
dissolution and mineralization trapping. When capillary pressure are ignored, almost half of the injected 779 
CO2 stays in the reservoir in the mobile phase. 780 

• Mineralization trapping in sandstone formation is not a major mechanism for CO2 storage with less 781 
than 4% of the injected CO2 existing as mineral precipitates for the mineralogy and aquifer brine 782 
considered in this study. However, dissolution and precipitation of various minerals play a crucial role 783 
in CO2 sequestration as they can change the flow properties of the reservoir. The reservoir property 784 
change can be significantly close to the wellbore due to halite precipitation. 785 

• The mineralization behavior of calcite and dolomite contributes significantly to forming carbonate 786 
precipitates. While considering the dissolution/precipitation behavior, all the minerals except kaolinite 787 
precipitated during interaction with the injected CO2 and brine.  788 

• Mobile phase CO2 is observed to disappear faster in saline aquifers with high permeability and porosity. 789 
Furthermore, although a high CO2 injection rate can translate to higher dissolution and mineralization 790 
trapping, the geomechanical aspects must be considered beforehand.  791 

• CO2 mineralization trapping is significantly influenced by the RSA of quartz and the concentration of 792 
𝐶𝐶𝑎𝑎++ and 𝑀𝑀𝑔𝑔++ ions, whereas a higher 𝑁𝑁𝑎𝑎+ and initial 𝐾𝐾+ concentration leads to more halite 793 
precipitation throughout the reservoir. 794 



A. Khanal, M. Irfan Khan, M. Fahim Shahriar, Comprehensive Parametric Study of CO2 Sequestration in 
Deep Saline Aquifers, Chem. Eng. Sci. (2024) 119734. https://doi.org/10.1016/j.ces.2024.119734. 

33 
 

Acknowledgements: 795 
We thank the anonymous reviewers for their edits and suggestions, which improved our manuscript. This 796 
material is based upon work supported in part by the National Science Foundation Award under CBET-797 
2245484 and in part by the U.S. Department of Energy, Office of Science, Basic Energy Sciences’ 798 
Geoscience program under Award Number DESC0024642. Any opinions, findings, conclusions, or 799 
recommendations expressed in this material are those of the author(s) and do not necessarily reflect the 800 
views of the funding agencies. 801 

802 



A. Khanal, M. Irfan Khan, M. Fahim Shahriar, Comprehensive Parametric Study of CO2 Sequestration in 
Deep Saline Aquifers, Chem. Eng. Sci. (2024) 119734. https://doi.org/10.1016/j.ces.2024.119734. 

34 
 

Appendix A. Mathematical Description 803 
A.1. Governing Equation 804 
The governing equation for the reactive transport processes in this study is the coupled mass and momentum 805 
conservation equations. The accumulation of CO2 results from the combined effects of convective mass 806 
transfer, diffusive/dispersive mass transfer, chemical reaction consumption/production, and the mass of the 807 
injected gas [1,5]. The material balance equation for fluid flow of component 𝑖𝑖 =  {𝐶𝐶𝑂𝑂2,𝐻𝐻2𝑂𝑂, 𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆, … } and 808 
phase 𝛽𝛽 is expressed as -  809 

�
𝜕𝜕
𝜕𝜕𝜕𝜕

 𝜌𝜌𝛽𝛽𝜑𝜑𝑆𝑆𝛽𝛽𝑚𝑚𝛽𝛽
𝑖𝑖

𝛽𝛽

=  �∇ .  �𝜌𝜌𝛽𝛽𝑢𝑢𝛽𝛽𝑚𝑚𝛽𝛽
𝑖𝑖 + 𝑗𝑗𝛽𝛽� + 𝑟𝑟𝑖𝑖 + 𝜓𝜓𝛽𝛽

𝑖𝑖

𝛽𝛽

 (A.1) 

Where, 𝜑𝜑 is the porosity, 𝜌𝜌 denotes the phase density, 𝑆𝑆 represents the phase saturation, 𝑚𝑚 is the phase 810 
mass fraction of the 𝑖𝑖𝑡𝑡ℎ component, 𝑗𝑗𝛽𝛽 represents non-advective flux vector for component 𝑖𝑖 in phase 𝛽𝛽, 811 
𝜓𝜓𝛽𝛽
𝑖𝑖  is the external sources or sinks of mass for component 𝑖𝑖 in phase 𝛽𝛽,  𝑟𝑟𝑖𝑖 is the reaction of the 𝑖𝑖𝑡𝑡ℎ 812 

component and 𝑢𝑢𝛽𝛽 is the Darcy or convective flux and usually written as- 813 

𝑢𝑢𝛽𝛽 =  −
𝐾𝐾𝑟𝑟,𝛽𝛽𝐾𝐾
𝜇𝜇𝛽𝛽

 . �∇𝑝𝑝𝛽𝛽 − 𝜌𝜌𝛽𝛽𝑔𝑔� = −𝜆𝜆𝛽𝛽𝐾𝐾 . �∇𝑝𝑝𝛽𝛽 − 𝜌𝜌𝛽𝛽𝑔𝑔� (A.2) 

Where, 𝐾𝐾𝑟𝑟,𝛽𝛽 is relative permeability, 𝐾𝐾 is intrinsic permeability tensor, 𝜆𝜆𝛽𝛽 is the phase mobility, 𝑔𝑔 is the 814 
gravitational acceleration vector, 𝑝𝑝𝛽𝛽 is the phase pressure. 815 

The gas density is calculated with the Peng and Robinson equation (PR-EOS) [76], and the aqueous phase 816 
density and viscosity are calculated by Rowe and Chou [77] and Kestin et al. [78] correlation, respectively. 817 

It is assumed that gaseous and aqueous phases are in a state of thermodynamic equilibrium. Mathematically 818 
it can be expressed as the quality of the fugacity of the component in the gaseous and aqueous phases. The 819 
equation can be expressed as:  820 

𝑔𝑔𝑖𝑖 = 𝑓𝑓𝑖𝑖𝑖𝑖 − 𝑓𝑓𝑖𝑖𝑖𝑖 = 0, 𝑖𝑖 = 1, … . ,𝑛𝑛𝑐𝑐 (A.3) 

Where, 𝑓𝑓𝑖𝑖𝑖𝑖and 𝑓𝑓𝑖𝑖𝑖𝑖 represents the fugacity of component 𝑖𝑖 in the gas and aqueous phase. 𝑛𝑛𝑐𝑐 is the number 821 
of gaseous components. The fugacity 𝑓𝑓𝑖𝑖𝑖𝑖 is calculated using the PR-EOS [76]. Henry's law is used to 822 
calculate the fugacity, 𝑓𝑓𝑖𝑖𝑖𝑖 of gaseous components soluble in the aqueous phase [79], i.e. 823 

𝑓𝑓𝑖𝑖𝑖𝑖 = 𝑦𝑦𝑖𝑖𝑖𝑖  ×  𝐻𝐻𝑖𝑖 (A.4) 

Henry's constant 𝐻𝐻𝑖𝑖 are functions of pressure, temperature, and salinity. The variation of Henry’s law 824 
constants based on reservoir pressure and temperature are modeled by using Harvey correlation [80] and 825 
the effect of salinity is modeled by using the correlation given in Cramer [81]: 826 

log10 �
𝐻𝐻𝑖𝑖,𝑠𝑠𝑠𝑠𝑠𝑠𝑠𝑠
𝐻𝐻𝑖𝑖

� = 𝐾𝐾𝑠𝑠𝑠𝑠𝑠𝑠𝑠𝑠𝑚𝑚𝑠𝑠𝑠𝑠𝑠𝑠𝑠𝑠 (A.5) 

where Hi,salt is the Henry’s constant of CO2 in brine, 𝐻𝐻𝑖𝑖 as described above is the Henry’s constant at zero 827 
salinity, 𝑘𝑘𝑠𝑠𝑠𝑠𝑠𝑠𝑠𝑠 is the salting-out coefficient, and 𝑚𝑚𝑠𝑠𝑠𝑠𝑠𝑠𝑠𝑠 is the molality of dissolved salt. The, 𝑘𝑘𝑠𝑠𝑠𝑠𝑠𝑠𝑠𝑠 is 828 
calculated by using the method described in Bakker [82]. 829 

Complete vaporization of H2O may take place which can affect the CO2 injectivity, and to model H2O 830 
vaporization Eq. A.3 is applied to the H2O component [83]. i.e. 831 

𝑔𝑔𝑛𝑛𝑐𝑐 = 𝑓𝑓𝐻𝐻2𝑂𝑂,𝑔𝑔 − 𝑓𝑓𝐻𝐻2𝑂𝑂,𝑎𝑎𝑎𝑎 = 0 (A.6) 

The fugacity 𝑓𝑓𝐻𝐻2𝑂𝑂,𝑔𝑔 is calculated from the cubic EOS and the fugacity 𝑓𝑓𝐻𝐻2𝑂𝑂,𝑎𝑎𝑎𝑎  calculated using the Canjar 832 
and Manning [77,84,85], and Saul and Wagner [77,84,85]. 833 
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The molecular diffusion of CO2 in brine is modeled using the Fick’s second law described in Eq. A.7 [86]. 834 

𝜕𝜕𝜕𝜕
𝜕𝜕𝜕𝜕

= 𝐷𝐷 ∇2𝑐𝑐 (A.7) 

Where, 𝑐𝑐 denotes the concentration of a component, and 𝐷𝐷 is Fick’s diffusion coefficient. 835 

 836 

A.2. Geochemical Reactions 837 
Considering,  𝑛𝑛𝑚𝑚, 𝑛𝑛𝑎𝑎𝑎𝑎 as the total number of mineral and aqueous phase components, respectively and 𝑛𝑛𝑐𝑐𝑐𝑐 838 
is the total number of components in gaseous, aqueous, and mineral phase. Then the stoichiometry equation 839 
for the reaction between the aqueous phase species is [83]- 840 

�𝑣𝑣𝑘𝑘𝑘𝑘𝑎𝑎  𝐴𝐴𝑘𝑘 = 0

𝑛𝑛𝑎𝑎𝑎𝑎

𝑘𝑘=1

, 𝛼𝛼 = 1, … ,𝑅𝑅𝑎𝑎𝑎𝑎  (A.8) 

Where, 𝑣𝑣𝑘𝑘𝑘𝑘𝑎𝑎  is the stoichiometric coefficient of aqueous component 𝑘𝑘 in reaction 𝛼𝛼. 𝑅𝑅𝑎𝑎𝑎𝑎 is the number of 841 
reactions between aqueous components and 𝐴𝐴𝑘𝑘 is the chemical symbol for the 𝑘𝑘𝑡𝑡ℎ  aqueous species.  842 

The stoichiometry equation for the reaction for mineral dissolution/precipitation is [83]- 843 

�𝑣𝑣𝑘𝑘𝑘𝑘
𝑚𝑚  𝐴𝐴𝑘𝑘 = 0

𝑛𝑛𝑐𝑐𝑐𝑐

𝑘𝑘=1

, 𝛽𝛽 = 1, … ,𝑅𝑅𝑚𝑚𝑚𝑚  (A.9) 

Where, 𝑣𝑣𝑘𝑘𝑘𝑘
𝑚𝑚  is the stoichiometric coefficient of mineral component 𝑘𝑘 in reaction 𝛽𝛽. 𝑅𝑅𝑚𝑚𝑚𝑚 is the number of 844 

reactions between minerals and aqueous components. 845 

As the reactions between species in the aqueous phase are fast compared to the mineral 846 
dissolution/precipitation reactions, the intra-aqueous reactions can be represented as the chemical 847 
equilibrium equations. In contrast, the mineral dissolution/precipitation reactions are considered as rate-848 
dependent reactions. 849 

The governing equation for chemical equilibrium reactions are [46]- 850 

𝑄𝑄𝛼𝛼 −  𝑘𝑘𝑒𝑒𝑒𝑒,𝛼𝛼 = 0, 𝛼𝛼 = 1, … ,𝑅𝑅𝑎𝑎𝑎𝑎 (A.10) 

With  851 

𝑄𝑄𝛼𝛼 = �𝑎𝑎𝑘𝑘
𝑣𝑣𝑘𝑘𝑘𝑘

𝑛𝑛𝑎𝑎𝑎𝑎

𝑘𝑘=1

 (A.11) 

Here, 𝑘𝑘𝑒𝑒𝑒𝑒,𝛼𝛼 represents the chemical equilibrium constants for each reaction. 𝑄𝑄𝛼𝛼 ,𝑣𝑣𝑘𝑘𝑘𝑘 and 𝑎𝑎𝑘𝑘 are the activity 852 
product, stoichiometry coefficients, and activity of component 𝑘𝑘, respectively. The B-dot model is used to 853 
calculate the activity coefficients [87].  854 

A.3. Mineral Dissolution/precipitation and Porosity-permeability Relationship 855 
The rate law for the mineral dissolution/precipitation reaction equation is [88] – 856 

𝑟𝑟𝑗𝑗 = 𝐴𝐴𝚥𝚥�  𝑘𝑘𝑗𝑗 �1−  
𝑄𝑄𝑗𝑗
𝑘𝑘𝑒𝑒𝑒𝑒,𝑗𝑗

� , 𝑗𝑗 = 1, … ,𝑅𝑅𝑚𝑚𝑚𝑚 (A.12) 
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where, 𝑟𝑟𝑗𝑗 represents the reaction rate, 𝐴𝐴𝚥𝚥�  is the reactive surface area,  𝑘𝑘𝑗𝑗 denotes rate constant, 𝑘𝑘𝑒𝑒𝑒𝑒,𝑗𝑗 is the 857 
equilibrium constant and  𝑄𝑄𝑗𝑗 is the activity product analogous to the aqueous chemical equilibrium reactions 858 
equation (Eq. A.11). The procedure for calculating each of these parameters are described by Ngheim et 859 
al. [46]. The ratio 𝑄𝑄𝑗𝑗

𝑘𝑘𝑒𝑒𝑒𝑒,𝑗𝑗
 is called saturation index of the reaction. If the saturation index is higher than 1, then 860 

mineral dissolution occurs and if it is less than 1 then mineral precipitates.  861 

The reactive surface area, 𝐴𝐴𝚥𝚥�  is a crucial parameter for the calculation of the rate. Eq. A.13 is utilized to 862 
compute the reactive surface area with changes in the number of moles of minerals due to dissolution or 863 
precipitation [46]. 864 

𝐴𝐴𝚥𝚥� =  𝐴𝐴𝚥𝚥0� .
𝑁𝑁𝑗𝑗

𝑁𝑁𝑗𝑗
0 (A.13) 

 865 

Here, 𝐴𝐴𝚥𝚥0�  represents the reactive surface area at time zero. 𝑁𝑁𝑗𝑗, 𝑁𝑁𝑗𝑗0 are the mole number of mineral 𝑗𝑗 per unit 866 
grid block volume at the current time and when time is zero, respectively. The void volume of the porous 867 
medium changes because of mineral dissolution/precipitation. The change in porosity, 𝜑𝜑 because of mineral 868 
dissolution/precipitation, is updated in each time step, measured from the mineral volume fraction of the 869 
current time [46], as follows: 870 

𝜑𝜑�∗ =  𝜑𝜑∗ −��
𝑁𝑁𝑗𝑗
𝜌𝜌𝑗𝑗
−
𝑁𝑁𝑗𝑗0

𝜌𝜌𝑗𝑗
�

𝑛𝑛𝑚𝑚

𝑗𝑗=1

 (A.14) 

𝜑𝜑 =  𝜑𝜑�∗�1 + 𝑐𝑐𝜑𝜑(𝑝𝑝 − 𝑝𝑝∗)� (A.15) 

Where, 𝜑𝜑 denotes the porosity, 𝜑𝜑�∗ represents the reference porosity, including mineral 871 
precipitation/dissolution, 𝜑𝜑 is the reference porosity without mineral dissolution and precipitation, 𝑁𝑁𝑗𝑗,𝑁𝑁𝑗𝑗0 872 
represents the total moles of mineral 𝑗𝑗 per unit grid block volume at the current time and when time is zero, 873 
respectively. 𝜌𝜌𝑗𝑗, 𝑐𝑐𝜑𝜑 and 𝑝𝑝∗ are the mineral molar density, rock compressibility, and reference pressure, 874 
respectively. 875 

Changes in permeability induced by mineral dissolution and precipitation can be measured using 876 
experimental relationships or analytical models between porosity and permeability. The Kozeny-Carman 877 
(K-C) equation measures permeability [46]. 878 

𝑘𝑘
𝑘𝑘0

= �
𝜑𝜑
𝜑𝜑0
�
𝜉𝜉

.  �
1− 𝜑𝜑0

1 − 𝜑𝜑 �
2

 (A.16) 

Where, 𝑘𝑘0 and 𝜑𝜑0 denotes the initial permeability and porosity, respectively and 𝜉𝜉 is the Kozeny-Carman 879 
exponent. 880 

A.4. Relative Permeability and Capillary Pressure 881 
The relative permeability curves for water and gas were generated using the Brooks-Corey function [61]. 882 
The drainage section of the relative permeability curve for the water and gas phase is derived from the 883 
following equations.  884 

𝑆𝑆𝑤𝑤∗ = �
𝑆𝑆𝑤𝑤 − 𝑆𝑆𝑤𝑤𝑤𝑤
1− 𝑆𝑆𝑤𝑤𝑤𝑤

� (A.17) 
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𝑘𝑘𝑟𝑟,𝑤𝑤 = (𝑆𝑆𝑤𝑤∗ )𝑁𝑁𝑤𝑤   (A.18) 

𝑘𝑘𝑟𝑟,𝑔𝑔 = �𝑘𝑘𝑟𝑟,𝑔𝑔(𝑆𝑆𝑤𝑤𝑤𝑤)� (1− 𝑆𝑆𝑤𝑤∗ )2 [(𝑆𝑆𝑤𝑤∗ )𝑁𝑁𝑔𝑔] (A.19) 

Where, 𝑆𝑆𝑤𝑤∗  denotes normalized water saturation and 𝑆𝑆𝑤𝑤 is water saturation. 𝑆𝑆𝑤𝑤𝑤𝑤 is irreducible water 885 
saturation, and the value is 0.22 [53].  𝑘𝑘𝑟𝑟,𝑤𝑤 and 𝑘𝑘𝑟𝑟,𝑔𝑔 represents the relative permeability of water and 886 
gaseous phase, respectively. 𝑁𝑁𝑔𝑔 and 𝑁𝑁𝑤𝑤 is known as the Corey exponent and reflects pore-size distributions. 887 
In this study, the value of 𝑁𝑁𝑔𝑔 and 𝑁𝑁𝑤𝑤 is set to 4 and 9, respectively, and the value of 𝑘𝑘𝑟𝑟,𝑔𝑔(𝑆𝑆𝑤𝑤𝑤𝑤) is assumed 888 
to be 0.95 [53].  889 

Residual gas saturation �𝑆𝑆𝑔𝑔𝑔𝑔� strongly depend on the initial gas saturation �𝑆𝑆𝑔𝑔𝑔𝑔� and can be obtained using 890 
Land’s formula: 891 

1
𝑆𝑆𝑔𝑔𝑔𝑔∗

−
1
𝑆𝑆𝑔𝑔𝑔𝑔∗

= 𝐶𝐶 =
1

𝑆𝑆𝑔𝑔𝑔𝑔(𝑆𝑆𝑆𝑆𝑆𝑆)
−

1
𝑆𝑆𝑤𝑤𝑤𝑤

 (A.20) 

𝑆𝑆𝑔𝑔𝑔𝑔∗ =  
𝑆𝑆𝑔𝑔𝑔𝑔

1 − 𝑆𝑆𝑤𝑤𝑤𝑤
 ;  𝑆𝑆𝑔𝑔𝑔𝑔∗ =  

𝑆𝑆𝑔𝑔𝑔𝑔
1 − 𝑆𝑆𝑤𝑤𝑤𝑤

 𝑎𝑎𝑎𝑎𝑎𝑎  𝑆𝑆𝑔𝑔∗ =
𝑆𝑆𝑔𝑔

1 − 𝑆𝑆𝑤𝑤𝑤𝑤
  (A.21) 

where, 𝑆𝑆𝑔𝑔∗,𝑆𝑆𝑔𝑔𝑔𝑔∗  and 𝑆𝑆𝑔𝑔𝑔𝑔∗  are the normalized gas saturation, normalized residual gas saturation (0.21 in this 892 
study), and normalized initial gas saturation, respectively. 𝐶𝐶 is the Land coefficient which is 2.1 obtained 893 
from Krevor et al. [53]. Land considered a status with mobile non-wetting phase saturation �𝑆𝑆𝑔𝑔𝑔𝑔∗ �, using 894 
the following equation �𝑆𝑆𝑔𝑔𝑔𝑔∗ � can be calculated for different gas saturations. 895 

𝑆𝑆𝑔𝑔𝑔𝑔∗ =  
1
2
�𝑆𝑆𝑔𝑔∗ − 𝑆𝑆𝑔𝑔𝑔𝑔∗ + ��𝑆𝑆𝑔𝑔∗ − 𝑆𝑆𝑔𝑔𝑔𝑔∗ �

2 +
4
𝑐𝑐 �
𝑆𝑆𝑔𝑔∗ − 𝑆𝑆𝑔𝑔𝑔𝑔∗ �

2
� (A.22) 

By placing the value of 𝑆𝑆𝑔𝑔𝑔𝑔∗  calculated from Eq. A.22 in the following relation, the gas relative permeability 896 
can be obtained- 897 

𝐾𝐾𝑟𝑟𝑟𝑟𝑟𝑟 =  𝑆𝑆𝑔𝑔𝑔𝑔∗2 �1 − �1 − 𝑆𝑆𝑔𝑔𝑔𝑔∗ �
𝜖𝜖−2� (A.23) 

Here, 𝐾𝐾𝑟𝑟𝑟𝑟𝑟𝑟 represents the imbibition relative permeability and exponent 𝜖𝜖 = 2
𝜆𝜆

+ 3, where 𝜆𝜆 is the pore size 898 
distribution, and the value is 0.55 for Mt. Simon sandstone [53].  899 

The Brooks-Corey equation [61] is also used to obtain the capillary pressure for drainage �𝑝𝑝𝑐𝑐,𝑑𝑑�. 900 

𝑝𝑝𝑐𝑐,𝑑𝑑 = 𝑝𝑝𝑒𝑒 �
𝑆𝑆𝑤𝑤 − 𝑆𝑆𝑤𝑤𝑤𝑤
1− 𝑆𝑆𝑤𝑤𝑤𝑤

� (A.24) 

Where, 𝑝𝑝𝑒𝑒 is the capillary entry pressure which is 4.6 kPa as reported in Krevor et al. [53].  901 

Appendix B. Grid Size Sensitivity and Effect of Volume Modifier 902 
B.1. Study of Grid Size Sensitivity   903 
The grid size in a numerical reservoir simulation model should be sufficiently small to minimize numerical 904 
dispersion, material balance error and improve simulation convergence. However, when the grid sizes are 905 
too small, the computational time increases significantly for a compositional simulation model with 906 
geochemistry enabled. Hence, we evaluate the model's applicability in the base case by considering an 907 
additional simulation case with additional grid refinement. The refined model (case 4) uses 6734 grid blocks 908 
(259 x 1 x 26), which is 66% higher than the number of grid blocks used in the base case (4060, 203x1x20). 909 
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The five central grid blocks in the I-direction have dimensions of 0.79 m, and the remaining 254 grid blocks, 910 
128 on each side, range from 1 m close to the wellbore and 10 m in the outer boundary, which are spaced 911 
between 10𝐸𝐸(log10(1)) and 10𝐸𝐸(log10(10)). Similarly, in the K direction, the 25 grid blocks are 912 
uniformly spaced between 10𝐸𝐸(log10(1)) and 10E(log10(10)). The bottommost grid is assigned a size of 913 
0.6204 m, so the reservoir thickness is 100m, as in the base case. For both cases, the same amount of CO2 914 
is injected over 10 years, and then the migration of CO2 is monitored for the next 990 years. Fig. 24 shows 915 
the amount of CO2 trapped by different mechanisms during the simulation period. The visual inspection of 916 
the results shows a very good match between the base case model and the refined model for all the trapping 917 
mechanisms. 918 

 919 

 920 
Figure 24. Comparison of CO2 trapped by different mechanisms (a) dissolution, mobile and trapping, (b) 921 
mineralization, calculated from the base case and the refined case. 922 

 923 
We also calculated the average absolute error for each trapping mechanism as follows: 924 

�
𝐵𝐵𝐵𝐵𝐵𝐵𝐵𝐵 𝑐𝑐𝑐𝑐𝑐𝑐𝑐𝑐 −  𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅 𝑐𝑐𝑐𝑐𝑐𝑐𝑐𝑐

𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅 𝑐𝑐𝑐𝑐𝑐𝑐𝑐𝑐 �× 100% 925 

The various error metrics calculated for the simulation are summarized in Table 12. 926 
 927 

Table 12. Error comparison between the base case and refined case (case 4) 928 

 CO2 Dissolved CO2 Mineralized Supercritical CO2  
Average error (%) 1.10 2.82 2.82 
Maximum error (%) 6.66 30.80 7.62 
Final year error (%) 0.78 1.5 5.19 

 929 
Table 12 shows that the limited number of grid blocks in the base case produces similar results as 930 

a computationally more expensive refined case. The mineralization initially shows a relatively high error 931 
as the mineral precipitation and dissolution is very slow, resulting in ill-conditioned behavior during the 932 
early simulation period. However, the error decreases significantly, and the final error for all the trapping 933 
mechanisms is less than 6%. We observe a negligible gain in accuracy even with a significant increase in 934 
grids and additional computational time. Hence, base case simulation is selected in this study. 935 

 936 
 937 
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B.2. Effect of Volume Modifier 938 
The simulations in this study do not use volume modifiers, usually implemented in the grids at the 939 

outer boundaries of a numerical reservoir model, to model an infinite-acting reservoir [89,90]. A volume 940 
modifier artificially increases the porosity of the grid blocks so that the actual pore volume is higher by the 941 
factor assigned by the volume modifier. This technique enables a high injection rate with only a modest 942 
increase in reservoir pressure. However, this setup does not always capture the expected physical processes 943 
when CO2 is injected into a reservoir. As the dissolution is controlled by the fugacity of the solute (CO2) in 944 
the two phases (Eqn. 3-4), the injected ScCO2 dissolves instantaneously when it encounters the grid block 945 
with an artificially increased volume modifier with a large volume of brine and no dissolved solute.  946 

  
(a) (b) 

ScC: Supercritical Condition 947 

Figure 25. Contribution of different trapping mechanisms of CO2 by implementing volume modifiers (a) 948 
1000 and (b) 5000 at the outer boundaries. 949 

This is not a realistic behavior because if a larger number of grids were used to model the equivalent 950 
porosity, the dissolution rate would be controlled by the time it takes for ScCO2 to move from one grid to 951 
the other grid blocks. Thus, using a volume modifier results in a sharp increase in dissolution as soon as it 952 
reaches the modified grid block. To verify this, we simulated two additional cases, Vm-1000 and Vm-5000, 953 
where the outermost grid blocks in the I-direction are assigned a volume modifier of 1000 and 5000, 954 
respectively. The injection rate for the grid blocks is selected based on the total volume of CO2 in standard 955 
conditions stored in the reservoir after ten years of active injection period, as shown in Table 13. 956 

Table 13. Parameters used in volume modifier case study. 957 

Case  Base Case Vm-1000 Vm-5000 
Volume modifier 1 1000 5000 
Average porosity 0.15 0.15 0.15 
Total bulk volume (m3) 2.0 x 105 4.2 x 106 2.0 x 107 
Total pore volume (PV, m3) 3.0 x 105 6.3 x 105 3.0 x 105 
Cumulative CO2 at standard conditions (SCgas, m3) 3.6 x 105 7.6 x 106 7.6 x 106 
Rate (m3/day) 100 2,100 10,000 
SCgas/PV 12 12 12 
PVI 0.06 0.06 0.06 

 958 

After 1000 years of simulation, it is observed that when the volume modifier is set to 1000 and 959 
5000, ~40.5% and ~81% of the injected CO2 dissolved during the injection period (10 years), respectively 960 
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(Fig. 25). Throughout the rest of the simulation, the percentage of dissolved CO2 remains almost the same 961 
for both cases. In contrast, only 15.4% of the injected CO2 is in the dissolved phase for the case when no 962 
volume modifiers are used, as shown in Figure 4. 963 

Appendix C. Gas Saturation and Mineral Dissolution/Precipitation Plots 964 
C.1. Gas Saturation Plots 965 
 966 

 967 

Figure 26. Effect of injection rate on gas saturation for (a) Case 5, (b) Base Case, (c) Case 6 after 50 years 968 
of simulation. 969 

 970 

Figure 27. Effect of permeability on gas saturation for (a) Case 7, (b) Base Case, (c) Case 8 after 50 years 971 
of simulation. 972 

 973 

Figure 28. Effect of porosity on gas saturation for (a) Case 9, (b) Base Case, (c) Case 10 after 50 years of 974 
simulation. 975 
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gmol 

C.2. Halite Precipitation Plots 976 

  977 
                                      (a)         (b)  978 

 979 
                (c)                                                                           (d) 980 

                                          981 
                                      (e)  982 

Figure 29. Halite concentration (gmol) for (a) Case 7 (low permeability), (b) Case 8 (high permeability), 983 
(c) Case 9 (low porosity) (d) Case 10 (high porosity) (e) Base case after 50 years of simulation. 984 

 985 

 986 

 987 



A. Khanal, M. Irfan Khan, M. Fahim Shahriar, Comprehensive Parametric Study of CO2 Sequestration in 
Deep Saline Aquifers, Chem. Eng. Sci. (2024) 119734. https://doi.org/10.1016/j.ces.2024.119734. 

42 
 

C.3. Effect on initial Salt Concentration 988 

  

(a) (b) 

 
 

(c) (d) 
Figure 30. Effect of initial concentration of calcium (𝐶𝐶𝐶𝐶++) in CO2 trapping by (a)dissolution, (b) 989 
mineralization, (c) residual, and (d)  mobile CO2 after 1000 years. 990 
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(a) (b) 

  

(c) (d) 
Figure 31. Effect of initial concentration of calcium (𝐶𝐶𝐶𝐶++) and magnesium (𝑀𝑀𝑀𝑀++) ion in calcite and 991 
dolomite dissolution/precipitation after 1000 years. 992 
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